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RESUMO 
A injeção convencional de água é uma técnica amplamente conhecida e usada 
para recuperar o petróleo que se encontra no reservatório. Não obstante, no passado, os efeitos 
da salinidade e da composição iônica das salmouras de injeção não foram profundamente 
estudados. Recentemente, uma nova técnica de recuperação de petróleo chamada de injeção 
de agua de baixa salinidade (LSWI pela sua sigla em inglês) surgiu e tornou-se popular como 
uma nova fonte de pesquisa devido aos casos de sucesso reportados que tem tido tanto no 
laboratório como em campo, principalmente em rochas areníticas. Embora poucos estudos 
foram feitos nas rochas carbonáticas e em relação à injeção convencional de água, tem-se 
documentado que ao injetar agua de baixa salinidade junto com os efeitos de íons potenciais 
se pode obter vantagens as quais vão melhorar a recuperação de petróleo. 
No caso das rochas carbonáticas, os pesquisadores propuseram muitos 
mecanismos os quais poderiam explicar como é que este método funciona ao melhorar a 
recuperação de petróleo, porém, os resultados deles não são conclusivos, já que têm algumas 
contradições fazendo que este método seja controverso. Acredita-se que esta técnica pode 
aumentar a preferência da rocha a ser molhada pela água não só por causa da injeção de água 
de baixa salinidade, mas também pela presença de alguns íons potencialmente determinantes 
na água de injeção como o SO4
2-, Ca2+ e Mg2+, os quais podem interagir com a superfície da 
rocha. Estes dois fatos podem então deslocar da superfície da rocha os ácidos carboxílicos que 
se encontram no petróleo, aumentando assim o fator de recuperação por causa de uma 
alteração da molhabilidade da rocha.  
Este trabalho focou-se em estudar o efeito potencial que tem os íons de sulfato e 
magnésio que estão na agua de injeção sob a recuperação de petróleo em rochas dolomíticas. 
Para atingir isso, foram feitos ensaios experimentais de recuperação de petróleo em condições 
de reservatórios para rochas dolomítica modelo, e variando a concentração iônica tanto do 
sulfato como do magnésio. 
Os resultados mostraram que é possível obter uma alta de recuperação de petróleo 
(13,68% of OOIP) ao alterar a concentração do sulfato em relação ao menor dado do fator de 
recuperação. Similarmente, mais petróleo pode ser produzido (+5,76 % of OOIP) como 
método terciário ao acrescentar a concentração do sulfato. Em contraste, evidenciou-se um 
efeito baixo da recuperação de petróleo (+0% and 2,61% of OOIP) na fase terciária ao 
diminuir a quantidade de sulfato na agua injeção. 
Por outro lado, os resultados da variação do íon Mg2+ revelam que quantidades 
consideráveis na recuperação de petróleo (26,05% of OOIP) podem ser produzidas como 
método secundário quando injetar a salmoura sem a presença do íon magnésio. Da mesma 
maneira, mais petróleo pode ser recuperado (+6,74% and 3,9% of OOIP) na fase terciária 
quando tiver uma redução da concentração deste íon. Pelo contrário, o aumento da 
concentração do magnésio obteve um baixo impacto na recuperação de petróleo (+1,84 of 
OOIP) como método terciário.  
Portanto, de acordo com esses resultados, estes dois íons parecem ter um potencial 
positivo na recuperação do petróleo. No caso do sulfato, a recuperação de petróleo responde 
ao aumento da quantidade deste íon na agua de injeção. Em um sentido diferente, uma 
redução na concentração do magnésio na injeção de água poderia aumentar o fator de 
recuperação de petróleo. 
 
 
Palavras chave: Recuperação de petróleo, injeção de água de baixa salinidade, rochas 
dolomíticas, sulfato, magnésio 
  
ABSTRACT 
It is known that conventional waterflooding is the most broadly technique used to 
recover oil from reservoirs. However, the effect of salinity and ion composition in injection 
brines on the oil recovery has not widely been studied in the past. Low salinity waterflooding 
(LSWF) is a prospective oil recovery method which has become popular in recent years as an 
important research area due to supported evidence from both laboratory and field tests, mainly 
in sandstones rocks. Despite little work have been done for carbonates rocks, it has been 
documented that injecting low salinity water, plus the effect of potential determining ions can 
have advantages for improving oil recovery compared to conventional formation water 
flooding. 
For carbonate rocks, researchers have proposed many mechanisms that would 
explain the principle behind improving the oil recovery, nonetheless, they are not conclusive 
because of the discrepancy in some results. It is believed that low salinity injection can 
improve the water wettability of carbonate surface. Also, the interaction between the presence 
of potential determining ions in injection brine such as SO4
2-, Ca2+ and Mg2+ and the rock 
surface, may displace adsorbed carboxylic acids present in the oil, increasing the wettability 
of the rock to more water-wet state. 
In this study, the work has been concentrated on studying the potential effect of 
sulphate and magnesium ions present in seawater on the oil recovery for dolomite rocks. To 
achieve this, laboratory coreflooding tests were performed at reservoir conditions on 
composite dolomite rocks from outcrops where these ions concentration in seawater was 
varied.  
The results revealed that substantial additional oil recovery (+13,68% of OOIP) 
can be produced for varying SO4
2- ion concentration compared to the lowest oil recovery 
value among all the phase type. Similarly, increasing the concentration of SO4
2- ion can 
achieve more additional oil recovery (+5,76% of OOIP) as tertiary phase type. In contrast, 
little effect of reducing sulphate ion concentration on the oil recovery (+0% and +2,61% of 
OOIP) was noticed as tertiary phase type. 
On the other hand, for varying Mg2+, the results shown that significant oil 
recovery (26,05% of OOIP) can be recovered when injecting seawater without magnesium ion 
content as secondary phase type. In the same way, reducing the concentration of magnesium 
ion is possible to produce more additional oil recovery (+6,74 % and +3,9% of OOIP) as 
tertiary phase type. On the contrary, low impact of increasing magnesium ion concentration 
on the oil recovery (+1,84% of OOIP) was obtained as tertiary phase type.  
Thus, sulphate and magnesium ions appear to have a positive response in the oil 
recovery. In the case of the sulphate ion, more additional oil recovery can be recovered when 
increasing the sulphate ion concentration in injection brines. In a different sense, oil recovery 
seems to increase when decreasing the magnesium ion concentration in the injection water. 
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1. INTRODUCTION 
Carbonate reservoirs are famous for holding a huge amount of oil reserves and for 
having a complex porous medium. About 60% of the world’s oil reserves are held in 
carbonate reservoirs (SCHLUMBERGER, 2007), which are in their majority naturally 
fractured (ROEHL; CHOQUETTE, 1985). Also, most of carbonate reservoirs are 
characterized as neutral to preferential oil-wet (ANDERSON, 1986b), and by being extremely 
heterogeneous in terms of porosity and permeability (CHILINGAR; YEN, 1992). It is known 
that the success of an enhanced oil recovery method through waterflooding depends on the 
extent to which the spontaneous imbibition of water will displace oil from the porous 
medium. In the case of carbonate reservoirs, it has not generally proved successful 
incremental oil recovery due to their wetting conditions and geological complexity. Moreover, 
some researchers have reported that reversing surface wetting characteristics from oil-wet to 
water-wet can improve the oil recovery factor in carbonates reservoirs, making this matter an 
interesting research area where many challenges can be achieved (STANDNES; AUSTAD, 
2003; ALOTAIBI; AZMY; NASR-EL-DIN, 2010).  
By all measures, waterflooding has been the most successful method for 
recovering oil from reservoirs. This technique is popular because of its high efficiency in 
displacing oil, ease of injection water into oil formations, availability and affordability of 
water, and lower capital and operating cost involved compared to other IOR/EOR methods. In 
addition to the advantages of conventional waterflooding, a new enhanced oil recovery (EOR) 
technique has lately emerged and it is named as low salinity water injection/flooding 
(LSWI/LSF). Some studies have confirmed response to that type of injection water, that is, it 
has been reported that concentration of specific ions and salinity in injection brines can alter 
the rock/fluid system equilibrium in the porous medium, which can be translated into 
additional oil recovery in both secondary and tertiary injection modes.  
Despite the fact that LSWI was tested in the laboratory more than 50 years ago for 
the first time (BERNARD; ARNE; OIL, 1967), this method is getting more attention in recent 
years for both sandstone and carbonate reservoirs. Work is progressing on understanding the 
chemical interactions among crude oil/brine/rock system, as several mechanisms are proposed 
for LSWI in sandstones. These include: Fine migration (MORROW et al., 1998), increase in 
pH/alkaline flooding (MCGUIRE et al., 2005), increase in pressure drop across the core 
(ZHANG; MORROW; WYOMING, 2006), wettability alteration (LAGER et al., 2014), and 
mineral dissolution (PU et al., 2010). Nonetheless, it has been concluded that wettability 
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alteration is the main reason for additional oil recovery in sandstones, where the presence of 
clay mineral takes an important role in this technique. This fact was supported by extensive 
research done on sandstone rocks, published laboratory data and field tests since oil recovery 
increasing was obtained by changing injected brine salinity.  
Regarding carbonate rocks, few LSWI investigations have been performed 
compared to sandstone rocks. However, there are several groups (HØGNESEN et al., 2005; 
ZHANG; TWEHEYO; AUSTAD, 2007; YOUSEF et al., 2011a; ROMANUKA et al., 2012; 
JAFAR FATHI; AUSTAD; STRAND, 2010; MAHANI et al., 2015; MUÑOZ, 2015; LIMA, 
2016; ANDRADE, 2017) that have been also investigating LSWI in carbonates. Similar to 
sandstones, it is believed that the main reason behind additional oil recovery due to LSWI in 
carbonates is wettability alteration, however, there is not yet a consensus among researchers 
about the real mechanism for improving oil recovery in the oil/brine/rock system. Some 
authors suggest than the mechanism could be exchange of potential determining ions (PDI) 
such as SO4
2-, Mg2+, Ca2+, rock dissolution, low ionic strength, and others. 
This study aims to study the effect of SO4
2- and Mg2+ on oil recovery in dolomite 
rocks as ones of the most important influencing ions present in the injection brine using the 
LSWI technique. The interaction between these ions and adsorbed organic compound of oil 
on the dolomite surface might lead to the favorable wettability alteration. Results have shown 
that Mg2+ can remove the adsorbed carboxylate group existing in the oil from the carbonate 
surface (KARIMI et al., 2015), changing the wettability to more water-wet status. Similarly, 
SO4
2- is also one of the most promising ions for improving the water-wetness of carbonate 
surface since it also helps to desorb carboxylic material from the surface (KARIMI et al., 
2016).   
1.1.  Motivation 
The effect of low salinity water injection on oil recovery on carbonate rocks has 
been investigated and published at laboratory-scale using both spontaneous imbibition and 
coreflooding test, and to a limited extent at field scale. These studies have shown an increase 
on oil recovery by changing the salinity and the ion composition in injection brines. 
Consequently, there is evidence that this technology has an interesting potential for oil 
recovery in carbonate reservoirs. 
Thus, several researchers have been studying the effect of seawater on the 
wettability of Stevens Klint outcrop chalk. They identified that the effect can be attributable to 
the type and relative concentration of PDI i.e. Mg2+, Ca2+, SO4
2- (AUSTAD et al., 2005; 
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ZHANG; AUSTAD, 2006; STRAND; PUNTERVOLD; AUSTAD, 2008). Later, YOUSEF et 
al. (2011) researched the effect of salinity and ionic composition on the wettability of 
carbonate rocks, concluding that the main mechanism for incremental oil recovery was 
wettability alteration due to alteration of the surface charge in carbonate rocks. Additionally, 
there are some experimental facts suggesting that wettability of carbonate rocks can also be 
altered by a reduction of the ionic strength. (ALMEHAIDEB; GHANNAM; ZEKRI, 2004).  
Consequently, there is something in common; the main mechanism for 
incremental oil recovery from carbonate is wettability alteration. Moreover, it is difficult to 
predict the extent of additional oil recovery caused by LSWI due to the complex chemical 
interactions between oil/brine/rock system and the heterogeneity of carbonate rocks. This is 
supported by the lack of knowledge about the chemical mechanism behind the oil increase 
with low salinity injection and the discrepancy in some of the published results with regard to 
the effect of this technology.  
Regarding sulphate content in the injection brine, some studies indicated that oil 
recovery increases in the presence of sulphate in the brine for both chalk and limestone, but 
not  dolomite (WEBB; BLACK; EDMONDS, 2005; JAFAR FATHI; AUSTAD; STRAND, 
2010; AUSTAD et al., 2012; SHARIATPANAHI et al., 2016). On the contrary, HØGNESEN 
et al. (2005) , and more recent a study by FERNØ et al. (2011) showed no effect of high 
sulphate brine on fractured limestone and all types of chalk, respectively. Similarly to SO4
2-, 
Mg2+ has been shown to alter the wettability of carbonate surface to more water-wet 
improving the oil recovery at elevated temperatures (ZHANG; TWEHEYO; AUSTAD, 2007; 
KARIMI et al., 2015; KAROUSSI; HAMOUDA, 2007). 
It is then known from the literature that there is evidence that concentration of 
these specific ions, salinity, and rock mineralogy can positively impact on oil recovery for 
carbonate reservoirs. Also, it is important to highlight that although few research of LSWI has 
been performed on carbonate rocks compared to sandstone rock, the most of it has not to do 
with dolomite rocks. These previous facts make this type of research become very interesting 
because there is not a general principle than can be used to understand and predict conditions 
that maximize EOR. Accordingly, more experimental work and research of LSWI in 
carbonates is necessary to have a better understanding and final consensus of the underlying 
chemical and physical mechanism responsible for additional oil recovery. 
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1.2. Objectives 
This research focuses on evaluating the oil recovery through LSWI in dolomite 
rocks. Additionally, concentration of SO4
2- and Mg2+ ions in seawater as injection brine will 
also be assessed in order to know their effects on the oil recovery due to the fact they have 
been found to be particularly effective in altering the surface wettability in carbonate rocks. 
Consequently, the main objectives of current study are to: test the potential of 
increasing oil recovery by LSWI on dolomite rocks and to investigate the effect of the SO4
2- 
and Mg2+ that can take place at reservoir conditions (high pressure and temperatures). To 
achieve these targets, oil recovery curves (cumulative volume of oil and pressure drop 
measurements versus cumulative pore volume of brine injected) will be generated from 
coreflooding test through the LSWI as follow:  
 Oil recovery curves for varying 5 concentration levels of SO42- ions.  
 Oil recovery curves for varying 5 concentration levels of Mg2+- ions. 
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2. LITERATURE REVIEW 
In this section theoretical concepts and a historical background of the literature 
towards LSWI will be presented. 
2.1. Fundamentals 
A review of basic concepts was performed on this work to have a better 
understanding on the parameters that can have influence on the mechanism behind the 
wettability alteration by the low salinity waterflooding in carbonates, as follow: 
 
2.1.1. Rock wettability  
Wettability can be defined as the tendency of one fluid to spread on or adhere to a 
solid surface in the presence of other immiscible fluids (CRAIG, 1971). In an oil/water/rock 
system, wettability is a type of measurement which defines the rock’s preference to be wet by 
oil or water. Regardless the kind of fluid, the wet fluid has a tendency to occupy and contact 
the rock’s surface. As a result, the effect of a rock´s wettability preference for either water or 
oil on the flow properties during a waterflooding plays an important role. Wettability stage of 
the rock depends on the physicochemical interactions between fluids and the rock, 
consequently, wettability can oscillate from strongly either water-wet or oil-wet to neutral 
wet. Figure 2.1 shows how would be a rock´s wettability preference for water in the porous 
medium where the green, blue and brown colours stand for oil, brine (water) and rock grains, 
respectively (ABDALLAH et al., 2007). 
 
 
Figure 2.1. - Wettability in the porous medium in a water wet case. Source: 
(ABDALLAH et al., 2007) 
2.1.2. Interfacial Tension (IFT) 
It may be defined as the measure of the specific free surface energy between two 
phase having different compositions (HOUGH; WARREN, 1966). In a multiphase system, 
there are forces at the interface when two immiscible fluids are in contact. When these two 
fluids are liquid and gas, the term surface tension is used to describe the forces acting on the 
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interface. When the interface is between two liquids, the acting forces are called as interfacial 
tension (IFT). Surface tension is a contractive tendency of the surface of a liquid that allows it 
to resist an external force. It is defined as the force exerted in the plane of the surface per unit 
length. The unit of surface tension is force per unit length, or energy per unit area (LING; HE, 
2012).  
2.1.3. Contact angle 
The contact angle θ is a wettability measurement of the rock´s preference. When a 
drop of water is placed on a surface immersed in oil, a contact angle is formed which ranges 
from 0° to 180°. A typical oil/water/solid system is shown in Figure 2.2 where two 
immiscible fluids, like oil and water, are together in contact with a rock face. 
 
 
Figure 2.2 - Wettability in an oil/water/solid system. Source: (ANDERSON, 1986a) 
 
By convention, the contact angle is measured through the water. When the contact 
angle is less than 90°, the surface is preferential water-wet, and when it is greater than 90°, the 
surface is preferentially oil-wet. If θ is exactly 90°, neither fluid preferentially wets the solid, 
and, when θ is between 75° and 105° the system is neutrally or intermediately wet.  
2.1.4. Capillary Pressure 
Capillary pressure in porous media is simply define as the pressure difference 
existing across the interface separating two immiscible fluids, one of which wets the surface 
of the rock in preference to the other (CRAIG, 1971)As a result, due to the fact that the oil 
and water are immiscible, there is a clearly defined interface among them. The molecules near 
the interface are unevenly attracted by their neighbors and this gives rise to a free surface 
energy per unit area or interfacial tension. If the interface is curved the pressure on the 
concave side exceeds that on the convex and this difference is known as the capillary pressure 
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(DAKE, 1978). The general expression for calculating the capillary pressure at any point on 
an interface between oil and water is given by the Laplace equation  
 
  
𝑃𝑐 = 𝑃𝑜 − 𝑃𝑤 = 𝜎 (
1
𝑟1
+
1
𝑟2
) 
(2.1) 
 
Where 
Pc= The capillary pressure (Absolute units) 
σ = The interfacial tension 
and r1 and r2 = The principal radio of curvature at any point on the interface 
where the pressure in the oil and water are Po and Pw, respectively.  
2.2. Wettability in Carbonates 
Multiphase fluid flow in the reservoir is governed by the distribution of fluids in 
the porous medium. Thus, in a two phase system, oil and water, the distribution is related to 
the wetting conditions of the rock surface and also to the relative saturation of the phases. 
Then, the initial wetting nature of a carbonate is a key parameter to improve the oil recovery 
by water injection, mainly in carbonates where their heterogeneity in porosity and 
permeability medium is complex. 
2.2.1. Parameter that affect the wettability in carbonates 
The initial wettability state for carbonate depends naturally on the pH equilibrium 
brine, temperature of the reservoir, crude oil properties, composition of the equilibrium brine, 
and eventually water film, which are not independent of each other. 
2.2.1.1. pH of the equilibrium brine 
The pH in carbonates reservoirs is usually constant with values from 7-8 because 
of the great buffer capacity of calcium carbonate. As a result, considerably changes in pH are 
not expected in the oil/brine/carbonate system due to its chemical equilibrium, hence, 
wettability alterations related to pH changes are temporary. Normally, the surface charge of 
the rock is positive with pH below about 9.5, and the charge of the oil-water film is negative. 
This is because of carboxylic acids presents in the crude oil which are found in large 
molecules (resins and asphaltenes) absorbing chemically onto the carbonate surface. 
Consequently, the water film between oil and the surface carbonate is instable, and oil will 
contact the surface rock (AUSTAD et al., 2005) 
27 
 
2.2.1.2. Oil composition 
It is a fact that different crude oils have different chemical compositions and 
characteristics. The surface-active acidic or basic components are indicated by IFT 
measurements as function of pH. The acidic components are usually considered to be 
carboxylic acid, which ionize to give the surface a negative charge, while the base component 
is usually a nitrogen-containing molecule that displays a positive charge. At a natural pH-
range close to neutral, both reactions take place. The base molecule can be neutralized by 
increasing the pH while at the same time ionizing the acidic components to give net negative 
charge at oil/water films. The negative charged of COOH- adsorb on positively charged sites 
on the rock surface, working as anchor molecules to get oil wet conditions. Thus, carboxylic 
material is one of the most important wetting parameter for carbonates and can be quantified 
by the AN (SHARIATPANAHI et al., 2016) 
The content of carboxylic acids present in the crude oil is represent by AN, and it 
has been observed that the water wetness decrease as the AN increase (STANDNES; 
AUSTAD, 2003) as illustrated by Figure 2.3, where more oil were recovered as AN content 
was lower.  
 
 
Figure 2.3 - Spontaneous imbibition (40°C) of water into chalk with different AN 
content. Source: (STANDNES et al., 2003) 
 
2.2.1.3. Crude oil properties and temperature 
It is known that the carboxylic group (-COOH) is discomposed as the temperature 
increases, so that, the temperature and acid number are not independent wetting parameters. 
Consequently, for carbonate reservoirs, the water wetting nature appeared to increase as the 
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temperature increases, and that is opposite to sandstone reservoirs. Apparently, some types of 
minerals can act as catalysts in the decarboxylation process, regarding CaCO3, it also behaves 
as a catalyst. 
Although no experimental work has been presented to decouple the temperature 
effect and AN regarding the wettability evaluation of carbonate, it is believed that during the 
geological time, the formation acts as a catalyst for decarboxylation, and the AN decreases as 
the temperature increases. Accordingly, an experimental work was done (ZHANG; AUSTAD, 
2005) where  the wetting properties of chalk was assessed using crude oil with different ANs 
and synthetic Ekofisk brine. The core sample were aged for 4 weeks at three different 
temperatures (40, 80, and 120 °C), however, the wetting conditions were analyzed at room 
temperature obtaining correlations between AN and the new wetting index (WI) (completely 
oil wet IW=0, neutral WI=0,5 completely water wet WI=1). WI, are shown in Figure 2.4 and 
these are the conclusions: 
 
● The wetting conditions was determined by the AN 
● The water wetness increased as the AN decreased 
● The temperature had a very minor effect on wetting conditions 
 
Then, the wetting nature of carbonates should be related to the AN instead of 
reservoir temperature. 
 
Figure 2.4 - Correlation between AN and new wetting index (WI) for cores aged at 
different temperatures. Source: (ZHANG et al., 2005) 
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2.2.1.4. Potential determining ions 
The charge type and density charge on the carbonate surface are influenced by 
potential determining ions which are in equilibrium solution with the rock due to adsorption 
onto surface. Normally the concentration of ions like Ca2+ and Mg2+ is high in brine 
formation, additionally, no potential anions are present. As surface charge of carbonate is 
expected to be positive at a natural reservoir pH of 7-8, then, injecting a fluid as seawater that 
has different ion composition because the presence of potential anion like SO4
2- can influence 
the charge density and sign of the carbonate surface. If sulphate is present in equilibrium 
water at a concentration much higher than the concentration of cation ions like Ca2+ or Mg2+, 
the stability of the water film will increase from an electrostatic point of view because of 
adsorption of sulphate onto the Carbonate surface (ZHANG; AUSTAD, 2005). As a 
consequence, the injected water can easily imbibe spontaneously into the matrix increasing 
the water-wetness of carbonate and improve the oil recovery because the carboxylic 
components charged negatively which are adsorbed by the positive charge of carbonate will 
be displaced from the surface by seawater which has sulphate (negative charge). As noticed 
by Figure 2.5, increase in water-wetness (WI) will increase oil recovery by spontaneous 
imbibition.  
 
Figure 2.5 - Correlation between oil recovery and the new wetting index. Source: 
(AUSTAD et al., 2005) 
2.2.1.5. Water film stability 
It is generally believed that the film stability partly depends on the composition of 
the oil, composition of the water and pH, and also temperature. HALL; COLLINS; 
MELROSE (1983) and GUPTA; SHARMA (1992) have shown that the thickness of the 
wetting water films is affected by the brine pH, and it decrease with increasing levels of Total 
Dissolved Solids (TDS). It is known that the wetting water film thins and becomes more 
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instable as the temperature increases, which is attributed mainly to the breaking of hydrogen 
bonds at increasing temperatures. It is not possible to spontaneously imbibe water into an oil-
wet porous material without a change in the wettability to more water wet. Variations in 
wettability are often related to the presence or absence of water films. HIRASAKI (1991) has 
argued that the wetting phenomena depend on the thickness of the water film. If the film 
remains stable the system will remain water-wet. Otherwise, an unstable water film will 
rapture allowing polar components in the oil to deposit on the rock surface. It is known that it 
is hard to stabilize water films between oil and solid carbonate except for high alkaline pH 
values. 
Generally, temperature affects oil recovery because can influence the key 
parameters that control the wettability such as the oil-water IFT and contact angle. 
ANDERSON (1986a) suggested that increasing of temperature has the next effects: first, it 
tends to increase the solubility of wettability, altering some compounds of which will desorb 
from the surface, and two, the IFT and contact angles measured through the water decrease 
even though there are no compounds that could adsorb or desorb. In experiments performed at 
elevated temperatures, AL-HADHRAMI et al. (2000) showed that contact angles decrease 
with increasing temperature in fractured carbonates as the rock undergoes a transition from 
oil-wet to water-wet. Furthermore, the effects of temperature on IFT are not well studied, but 
in most cases, especially at alkaline conditions, the IFT between water/oil decrease with 
temperature because the solubility of water in oil increases exponentially with the 
temperature, reducing the free energy between the two immiscible fluids. 
2.3. Seawater and formation water brines 
In many reservoirs, water is injected to increase (secondary) recovery by 
maintaining the reservoir pressure and displacing oil towards the production wells. The water 
injected may be formation brine produced from the oil reservoir or an underlying aquifer, 
seawater, or water from some other convenient source. However, brine formation and 
seawater are the most common, thus, it is significant to know the chemical composition of 
them to understand in a better the way what it is new and different from conventional flooding 
since seawater is by far the most brine assessed to analyze the effect of LSWI on the oil 
recovery. These injections brines are characterized as follow. 
2.3.1. Salinity and ions concentration in formation brine and seawater 
Formation brine (FMB) or usually formation water (FW) is typically highly saline 
(total ionic strength>2 mol.dm-3) and rich in monovalent and divalent ions (ROMANUKA et 
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al., 2012, SHEHATA; ALOTAIBI; NASR-EL-DIN, 2014) such as Na+, Cl-, Ca2+, Mg2+. 
Seawater (SW) is less saline than the typical (FW) (total ionic strength 0.55-0.69 mol.dm-3) 
but is still rich in a range of monovalent and divalent ions (ZHANG; TWEHEYO; AUSTAD, 
2007, ZHANG; AUSTAD, 2006) , see Table 2.1. 
 
Table 2.1 - Formation brine and seawater (molar concentration). Source:(JACKSON; 
AL-MAHROUQI; VINOGRADOV, 2016) 
Ions FMB SW 
Na+ 2 0.550 
Cl- 3.020 0.620 
Ca2+ 0.420 0.014 
Mg2+ 0.091 0.045 
SO42- 0.002 0.024 
Ionic strength 3.537 0.749 
pH 6.3 7.4 
 
The relative concentration of Ca2+ and SO4
2- in the formation brine and injected 
seawater is quite different. In the initial brine, the concentration of Ca2+ is usually very high, 
and the concentration of SO4
2- is negligible. In seawater, however, the concentration of SO4
2- 
is about twice the concentration of Ca2+. Among the divalent ions present in seawater, Mg2+ 
has the highest concentration, about twice the concentration of SO4
2-, and about four times the 
concentration of Ca2+. 
2.4. DOLOSTONE RESERVOIR 
Carbonate reservoir are the group of rock composed primarily of the minerals 
calcite (CaCO3) and dolomite (MgCO3)2 along with impurities such as quartz, anhydrite, clay 
minerals, organic matter and apatite. Dolostone reservoirs come from dolomitization process, 
which affects the flow characteristic of carbonate reservoirs rocks by (1) increasing the 
particle size, (2) decreasing pore volume due to a net addition of dolomite, (3) developing 
moldic pores, and (4) increasing resistance to compaction(LUCIA, 1999). 
As a result, to have a better understanding and management in an oil recovery 
development of the LSWI for dolomite rocks, a study of electrokinetics will be presented as 
follow. 
2.4.1. Electokinectis of Dolomite Rock Particles 
In order to have better understanding with regard to ions interactions on the rock 
surface when formation water or seawater are present into the oil-bearing formations, a study 
developed by ALOTAIBI; NASR-EL-DIN; FLETCHER (2011) was performed where the 
electrokinetics of dolomite rock particles was assessed.  
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Interfacial phenomena at carbonate/water interface are controlled by the electrical 
double layer (EDL) force. Therefore, it is necessary to understand the behaviour of the ions 
interactions with the rock surface. Charged species are transferred across any solid/liquid 
interface only until reaching equilibrium. The interface can be visualized as a semimembrane 
that allows the common charged species between solid and solution to pass through. These 
species are called potential-determining ions. As a result, the relative motion between the 
charged dispersed phase and the bulk liquid, the EDL is sheared. The potential, at this shear 
plane, is commonly called electrokinetic or zeta potential   
Formation brine and seawater which have high salinity can cause carbonate 
dissolution and mineralogical changes over a certain temperature range. Hence, rock strength 
gave different hydrostatic yield point. In general, brines have chemical reactions either with 
the bulk solution or the rock surface. Ions that normally exist in aquifer, seawater, or 
formation brine are H+, Ca2+, HCO3
-, H2O, Na
2+, Mg2+, Cl-, and SO4
2-. Complexes are formed 
either in the bulk aqueous phase or at the rock surface as it is shown by Figure 2.6. 
(POKROVSKY et al., 2000) 
 
Figure 2.6 - Complex ions present at the calcite/water interface. Source: (POKROVSKY 
et al., 2000) 
Aqueous solutions: Several ions will be formed in the aqueous phase. They are 
mainly combination of the previous set. The next reactions are controlled by chemical 
processes taking place at the interface between the mineral lattice and bulk solution. Ions also 
can make complexes at the rock surface.  
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𝐶𝑂3
2− ↔ 𝐻𝐶𝑂3
− − 𝐻+ (2.2) 
𝐻2𝐶𝑂3 ↔ 𝐻𝐶𝑂3
− + 𝐻+ (2.3) 
𝐶𝑎𝑆𝑂4
0 ↔ 𝐶𝑎2+ + 𝑆𝑂4
2− (2.4) 
𝑀𝑔𝑆𝑂4
0 ↔ 𝑀𝑔2+ + 𝑆𝑂4
2− (2.5) 
𝐶𝑎𝐻𝐶𝑂3
+ ↔ 𝐶𝑎2+ − 𝐻𝐶𝑂3
− (2.6) 
 
Zeta potential: Hydrolysis reaction of carbonate rocks in water generates the 
surface charges. In general, H+ and OH- are potential determining ions for many solids. 
Therefore, the surface charged charge is pH dependent and can be either negative or positive. 
High pH will favour en excess concentration of negative species (HCO3
- and CO3
2+), while 
positive species (Ca2+, CaHCO3
+, and CaOH+) will be favoured at low pH. Isoelectric point, 
or point of zero charge, represents zero zeta potential value at a certain pH value. Carbonate 
particles carry positive charges in high salinity brines. Three factors affect zeta potential of 
the carbonate particles: (1) Ionic strength, (2) pH, and (3) surfactant concentration, thus, in 
general, zeta potential decreases as salinity increase where the water film around carbonate 
particles also affects the zeta potential.  
2.4.1.1. Experimental determination of multiple ions interaction with 
dolomite particles 
As a result, a set of experiments was carried out to determine the multiple ions 
interaction with dolomite particles where the surface charge was evaluated over a wide pH 
range, salts, and temperature effects. These experiments were performed by ALOTAIBI; 
NASR-EL-DIN; FLETCHER (2011). 
• Materials: the dolomite sample come from the Silurian outcrop rocks in the USA. 
• Fluids: Synthetic brines were chosen to represent Middle East reservoirs to 
generate aquifer water (AQW), seawater, and brine formation. 
• Procedure: A phase analysis light scattering (PALS) technology was used to 
determine zeta potential of the suspensions.  
• Results and Discussion: 
Dolomite Particles.AQW: The presence of magnesium in the dolomite lattice 
structure creates different interaction with aqueous solution. Selected cation (Ca2+, Mg2+) and 
sulphate anion (SO4
2-) in AQW were tested at pH 7 and 25°C. AQW created a negative 
surface charge on dolomites particles, lack of SO4-2 in AQW significantly decreased zeta 
potential. Lack of calcium in AQW composition produced a negligible effect on the surface 
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charge. Moreover, the absence of Mg2+ decreased significantly as well. The value of diluted 
seawater produced a zeta potential very close to that of the AQW, see Figure 2.7. 
 
Figure 2.7 - Effect of salts on zeta potential dolomite at pH 7 and 25°C. Source: 
ALOTAIBI; NASR-EL-DIN; FLETCHER, (2011) 
 
Figure 2.8 shows the pH effect on the dispersed dolomite particles in AQW at 25°C. The 
particles were negatively charged below pH 9. 
 
 
Figure 2.8 - Zeta potential of dolomite in aquifer water as a function of pH at 25°C. 
Source: ALOTAIBI; NASR-EL-DIN; FLETCHER, (2011) 
Effect of temperature: AQW without Na2SO4 was tested at two different 
temperature conditions over a wide pH range (3, 5, 7). Thus, this effect was more significant 
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at pH 3. Solubility of Ca2+ and Mg2+ increased at high temperatures. Hence, the surface 
charge decreased as a result of the hydrolysis interactions.  
To sum up, decreasing the salinity creates more negative charges on dolomite 
particles by expanding the thickness of the EDL. Increasing temperature reduced zeta 
potential results significantly, and AQW without sulphate ion strongly influenced the surface 
charge of dolomite particles. 
2.5. Historical background  
The target of any waterflood reservoir management is mainly to maximize the 
ultimate oil recovery. Attention has been given historically to improve the volumetric sweep 
efficiency through a number of technologies and practices including infill drilling, multilateral 
wells, improved reservoir characterization, high resolution reservoir simulation, advanced 
monitoring and surveillance, and many others. Due to the fact waterflooding has been viewed 
as a physical process to maintain reservoir pressure and drive oil towards the producing wells, 
less attention has been given to the role of the chemistry of the injection water and its impact 
on oil recovery.  
In recent years, one of the emerging enhanced oil recovery (EOR) techniques for 
wettability alteration in carbonate reservoirs is low salinity water injection (LSWI). The low 
salinity water injection EOR technique is also known in the literature as LoSalTM by BP, 
Smart Waterflood by Saudi Aramco, Designer Waterflood by Shell, and Advanced Ion 
Management (AIMSM) by ExxonMobil (AL-SHALABI; SEPEHRNOORI, 2016). Several 
studies have been conducted on low salinity water injection at laboratory-scale and to a 
limited extent at field-scale. Most studies have confirmed a positive response to low salinity 
injection, increasing the oil recovery in both secondary and tertiary phase type.  
However, there is not a consensus yet with regard to the real mechanism that 
makes the oil recovery increase. As a result, the oil recovery mechanism by low salinity 
waterflooding will be treated as follow below. 
2.5.1. Oil recovery mechanisms 
For carbonate reservoirs, experiments show that concentrations of specific ions 
and salinity can impact oil recovery depending on rock mineralogy (YOUSEF et al., 2011a, 
AUSTAD et al., 2012). Many studies indicate that potential determining ions (PDIs) such as 
Mg2+, Ca2+, SO4
2- can affect the oil recovery during spontaneous imbibition (ZHANG; 
TWEHEYO; AUSTAD, 2007, AUSTAD et al., 2008), STRAND; PUNTERVOLD; 
AUSTAD, 2008, JAFAR FATHI; AUSTAD; STRAND, 2010, HEBERLING et al., 2011). 
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Mg2+and SO4
2- have been found to be particularly effective in altering the surface wettability 
(ZHANG; TWEHEYO; AUSTAD, 2007). An increase in SO4
2- leads to improved oil 
recovery in both chalk and limestone, but not dolomite (JAFAR FATHI; AUSTAD; 
STRAND, 2010, AUSTAD et al., 2012) while Ca2+ has a minor or negative impacts (JAFAR 
FATHI; AUSTAD; STRAND, 2010).  
Nonetheless, deionized water, diluted formation water and seawater were reported 
to improve oil recovery in limestone and dolomites (YOUSEF et al., 2011a, AUSTAD et al., 
2012, ROMANUKA et al., 2012). This is different from effects of the PDIs because the 
concentrations of PDIs are small or zero in such cases. MAHANI et al. (2015) proposed that 
the mechanism underlying low salinity waterflooding is related to surface potential decrease.  
In addition to seawater and diluted seawater, injection of chemically tuned 
seawater was found to significantly improve oil recovery. It is likely that increasing the 
sulphate and magnesium concentration will enhance this process while calcium may decrease 
the wettability alteration effect.  
In this research, oil recovery mechanism mentioned previously will be considered 
in order to have a better understanding about the effects of low salinity waterflooding for 
carbonate rocks. The main streams of researching will be developed as follow: Fathi et al. 
(2010), Yousef et al. (2011), Austad et al (2012), and Mahani et al. (2015). 
 FATHI et al. (2010) studied the effect of salinity and ionic composition of smart 
water on oil recovery through spontaneous imbibition test on outcrop Stevns Klint chalk at 
different temperatures (100, 110, and 120 °C). Artificial formation water (FW) similar to the 
Valhall field was used. As displacing fluid, seawater (SW) was used as the base brine. The 
SW was modified by changing the composition and salinity. For the fluid termed SW0NaCl, 
NaCl was removed from the composition, and the fluid termed SW4NaCl contained 4XNaCl 
compared to SW. The fluids where SW was diluted with distilled water to 1600, 10000, and 
20000 ppm were termed dSW1600, dSW10000, dSW20000, respectively.  
In Figures 2.9-2.11 when NaCl was removed from seawater, both the imbibition 
rate and oil recovery increased in comparison to seawater at the temperature tested. At 110 °C 
and 120 °C (Figure 2.10, Figure 2.11), the oil recovery from seawater depleted in NaCl 
increased by about 10% of original oil in place (OOIP) compared to seawater. A decrease in 
oil recovery of about 5% of OOIP was gotten when increasing the amount of NaCl in 
seawater 4 times. A systematic decrease in oil recovery was observed when using seawater 
diluted with distilled water as imbibing fluid.  
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Figure 2.9 - Spontaneous imbibition into oil-satured chalk cores using SW, SWONaCl, 
and SW4NaCl at 100°C. Source: (FATHI et al., 2010) 
 
 
Figure 2.10 - Spontaneou imbibition into oil-satured chalk cores using SW, SWONaCl, 
dSW10000 and dSW20000 at 110°C. Source: (FATHI et al., 2010) 
 
 
Figure 2.11 - Spontaneous imbibition into oil-satured chalk cores using SW, SWONaCl, 
and dSW1600 at 120°C. Source: (FATHI et al., 2010) 
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 Imbibition test at 110 °C showed that the water-wet fractions increased 29% for 
seawater depleted in NaCl compared to 11% for ordinary seawater. Diluted seawater to 10000 
ppm did not change wetting conditions at 110°C, see Figure 2.10.  
The results confirmed that not only the concentration of the active ions Ca2+, 
Mg2+, SO4
2- is important to make wettability alteration occurs but also the amount of non-
active salt, such as NaCl, has an impact on the wettability alteration process, which is 
discussed as a double-layer effect at the chalk surface. 
YOUSEF et al. (2011) presented the results of different laboratory studies to 
investigate the impact of salinity and ionic composition on oil/brine/rock interactions and 
draws conclusions on potential recovery mechanism. 
All brines were prepared from distilled water and reagent grade chemicals on the 
basis of geochemical analysis of field water samples. In this work, live oil was used which 
was recombined from oil/gas separator such that the experimental conditions closely 
resembled reservoir conditions. The rock material was selected from a carbonate reservoir 
where it is composed of approximately 80% calcite, 13% dolomite, 6% anhydrite, and less 
than 1% quartz.  
After the cores were saturated with field connate water and aged with oil, a set of 
coreflooding experiments were performed at 150°C, showing stepwise incremental oil 
recovery during successive injection of seawater (SW), two times diluted seawater (2dSW), 
ten times diluted seawater (10dSW), 20 times diluted seawater (20dSW), and 100 times 
diluted seawater (100dSW), as it is shown in Figure 2.12. 
 
Figure 2.12 - Oil recovery curve of the coreflood experiment. Source: (YOUSEF et al., 
2011) 
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Thus, the result revealed that altering the salinity of injection seawater has a 
substantial potential to obtain additional incremental oil recoveries.  
Contact angle, interfacial tension IFT, and nuclear magnetic resonance (NMR) 
measurements were also performed to understand the oil recovery mechanism. The contact 
angle measurements also highlighted that injection of seawater is capable of changing rock 
wettability toward a water-wet state. This suggests that injecting seawater has a potential to 
provide high oil recovery compared with the use of other sources of water, such as formation 
water. IFT measurements show irrelevant impact on the oil recovery mechanism compared to 
contact angle measurements. This implies that diluting seawater mainly affects fluid/rock 
interactions. Additionally, NMR measurements were carrying out, indicating that different-
salinity slugs of seawater in carbonate core samples is able to cause a significant alteration in 
the surface relaxation of the carbonate rock and is also able to enhance connectivity among 
pore systems because of rock dissolution. This suggests one approach to wettability alteration. 
Then, the recovery mechanism study confirmed that altering the salinity and ionic 
content of the injection water is able to alter the rock wettability toward a more water-wet 
state. The significant alteration was observed with twice diluted seawater and also with 10 
times diluted seawater where the two slugs provided substantial additional oil recoveries.  
AUSTAD et al. (2012) and other researchers performed a set of studies which are 
evidence and support for the mechanism proposed by themselves as follow: 
WEBB et al. (2005) compared the oil recovery from a North Sea Carbonate core 
sample using sulphate free formation brine and seawater with sulphate content. The study 
consisted on getting imbibition capillary pressure for both formation brine and seawater at full 
reservoir conditions (150 °C temperature and 10000 psi pressure) with live oil throwing the 
next results. 
Figure 2.13 and Figure 2.14 are a kind of zoom of capillary pressure curves for 
both formation brine and seawater brine, respectively. 
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Figure 2.13 - Capillary pressure sulphate free. Source: (WEBB et al., 2005) 
  
From the record data for Figure 2.13 at capillary pressure (spontaneous imbibition 
saturation) Pc=0 Psi, the sample has imbibed from a saturation of 0.056 (SWi) to 0.28, and at 
the end of the capillary pressure test (-80 Psi), the remaining oil saturation was 0.143. 
 
 
Figure 2.14 - Capillary pressure with sulphate content. Source: (WEBB et al., 2005) 
From the record data for Figure 2.14 at capillary pressure (spontaneous imbibition 
saturation) Pc=0 the sample has imbibed from a saturation of 0.073 (Swi) to 0.38, and at the 
end of the capillary pressure test (-250 Psi), the remaining oil saturation was 0,009. 
Then, making an analyses at this point (Pc=0) for both previously mentioned, the 
water saturation in the core has increased with the presence of sulphate ion recovering more 
oil and turning the wettability of the rock to more water wet state. 
On the other hand, at the end of the test, the remaining oil saturation for sulphate 
seawater was lower (0,009) than for sulphate free formation brine, it means that more oil was 
recovered by sulphate seawater as injection fluid. 
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To sum up, the use of sulphate brine as injection fluid gave an additional oil 
recovery compare with the sulphate free brine. Accordingly, through capillary pressure 
surveys was demonstrated that changing the ionic composition of brine it is possible to get 
modifications in the wettability of the rock because of different saturation phases for the same 
capillary pressure value. As a result, the previously mentioned is a statement of the low 
salinity on carbonates is a technical that can have additional oil due to changes of the 
wettability to more water wet state as a mechanism of recovery. 
TWEHEYO et al. (2006) studied the effects of temperature and potential 
determining ions present in an oil recovery by injecting seawater. Additionally, the CaSO4 
precipitation than can take place in oil/brine/rock system was analyzed. Through their work, it 
was concluded for potential determining ions (SO4
2- and Mg2+) that they seem to play 
different roles in two processes. SO4
2- is important due to absorption as a key factor in the 
wettability alteration, but Mg2+ seems to play a promotional role for the wettability shift from 
neutral to moderate water wet.  
In the work by TWEHEYO et al. (2006), the results showed that all the ions play 
key roles in the imbibition process as ion as they are in favourable ratios and are subject to 
temperature change. Ca2+ and Mg2+ ions can adsorb on the carbonate surface with slightly 
same affinity at low temperatures, but at higher temperatures Mg2+ displaces and substitutes 
Ca2+ resulting in some degree of dolomatization. The presence of Mg2+ stabilizes the seawater 
and increases the solubility of CaSO4. This is related to the formation of the uncharged ion 
pair MgSO4 (aq), which is dissolved in the brine and subsequently lowers the activity of 
SO4
2-. The importance of Mg2+ is further underlined by the high recovery, see Figure 2.15. 
The formation of MgSO4 is very effective in the desorption process of -COOH from carbonate 
surface. Seawater is unstable at high temperature without Mg2+, and this usually leads to 
severe precipitation.  
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Figure 2.15 - Imbibition results (with or without Ca2+ and Mg2+). Source :(TWEHEYO 
et al., 2006) 
ZHANG et al. (2007) studied the impact of Mg2+ present in seawater on 
spontaneous imbibition into moderated water-wet chalk and proposed a chemical mechanism 
for the process involving all the active potential determining ions in seawater ca2+, Mg2+, and 
SO4
2-, analyzing any issue as follow: 
In order to study the interplay between the different potential determining ions 
(Mg2+, Ca2+, SO4
2-), an experiment was designed using and Oil with high AN (>2) and 
formation brine without potential determining ions. The imbibition test were run at 70, 100, 
and 130 °C temperature (Figure 2.16) where seawater is modified with different amounts of 
SO4
2-, Mg2+, and Ca2+ being that the SO4
2- concentration varied from zero to four times the 
concentration present in seawater keeping the ionic strength similar to seawater by adjusting 
with NaCl. 
 
 
Figure 2.16 - Spontaneous imbibition tests at 70,100 and 130 °C. Source: (ZHANG et al., 
2007) 
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At 70 °C, the imbibition was performed without Ca2+ and Mg2+, the oil recovery 
was low, almost 10%. Then, SO4
2- is not good at recovering oil without the divalent ions Ca2+ 
and Mg2+ because it is not able to increase the spontaneous imbibition of water in chalk by 
wettability alteration. As a result, the temperature was increased at 100°C, Ca2+ and Mg2+ 
were added with concentration similar as seawater. In all case, the oil recovery increasing was 
notice. For the test where Mg2+ was added, the oil recovery was strongly related to the SO4
2- 
concentration. Finally, the temperature was increased at 130°C, thus the efficiency of Mg2+ 
together with SO4
2- as wettability modifiers increased drastically as the temperature increased.  
In order to analyze the effect of the potential determining ions Ca2+ and Mg2+- in 
function of temperature (40, 70, 100,130 °C), another experiments were carrying out keeping 
the SO4
2- concentration constant, varying Ca2+ and Mg2+ concentration, and using oils with 
AN 0.55 and 2.07 for low temperatures and high temperatures respectively.  
The first one result from the low temperature is shown in Figure 2.17. At 40°C, 
the imbibition fluid was seawater without Ca2+ and Mg2+, the oil recovery was low. 
Consequently, the temperature was increased at 70 °C, and the imbibition fluid was skipped 
with Ca2+ and Mg2+ respectively for each core. The oil recovery was higher for the sample 
which had Ca2+ than the core with Mg2+ content, as a conclusion, Ca2+ appeared to be better 
wettability modifier in the presence of SO4
2- at low temperature. 
 
 
Figure 2.17 - Spontaneous imbibition test performance at 40 and 70 °C. Source: 
(ZHANG et al., 2007) 
 
In the second one result, the imbibition tests were performed similarly until 130°C 
of temperature as it is shown by Figure 2.18. 
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Figure 2.18 - Spontaneous imbibition test performance at 70, 100 and 130 °C. Source: 
(ZHANG et al., 2007) 
  
Thus, at 130 °C, the core imbibed with Mg2+ in the brine produced more oil than 
the core imbibed with Ca2+. 
Based on these experimental facts, a chemical mechanism for the wettability 
modification is suggested as illustrated by Figure 2.19A., and Figure 2.19B. At low 
temperature Ca2+ may react with the adsorbed carboxylic group and release it from the 
surface, Figure 2.19A. At high temperature, Mg2+ may displace the Ca2+-carboxylic complex 
(Figure 2.19B). The fact that the wettability modification using Mg2+ and SO4
2- is only active 
at high temperature strongly supports the suggested mechanism. It is hard to believe that the 
small and strongly solvated Mg2+ is able to substitute Ca2+ in a Ca2+-carboxylic complex by a 
similar mechanism as suggested in Figure 2.19A. Besides, the Ca2+-carboxylate bond is 
normally stronger than the Mg2+-carboxylate bond. 
 
 
Figure 2.19 - Schematic model of the suggested mechanism for the wettability alteration 
induced by seawater. Source: (ZHANG et al., 2007) 
 
It is further known that Mg2+ can substitute Ca2+ at chalk surface at high 
temperatures. If Mg2+ is able to displace Ca2+ from the chalk lattice close to the surface, it 
45 
 
must also be able to displace Ca2+ linked to carboxylic groups on the chalk surface, provided 
that access is obtained through the aqueous phase. Also in this case, SO4
2- will be active by 
lowering the electrostatic repulsion due to adsorption onto the chalk surface. The ionic 
interaction between Mg2+ and SO4
2- in solution can also increase the concentration of Mg2+ 
close to the chalk surface because of the excess of SO4
2- due to adsorption.  
AUSTAD et al. (2012) produced oil recovery results by low salinity 
waterflooding for a core material sampled from the aqueous zone of a limestone reservoir. 
Coreflooding experiments showed that injections of diluted formation water and seawater in 
tertiary mode could improve oil recovery. Figure 2.20 and Figure 2.21 show the tertiary low 
salinity effects, 2-5% of OOIP, were observed by first flooding the cores with high salinity 
(208940 ppm) and with the 100 times diluted formation water or 10 times diluted gulf 
seawater (GSW) at 110 °C.  
 
Figure 2.20 - Coreflooding test at 0.01 cm3/min (FW, 100XGSW, AN= 0.7 mg KOH/g) at 
110 °C. Source: (AUSTAD et al., 2012) 
 
 
Figure 2.21 - Coreflooding test at 0.01 cm3/min (FW, 10XSW, AN= 0.7 mg KOH/g) at 
110 °C. Source: (AUSTAD et al., 2012) 
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It was verified by flooding the core material with distilled water that the core 
sample contained small amounts of anhydrite, CaSO4(s). The oil recovery was tested under 
forced displacement using different injections brines and oil with different acid numbers 
The low salinity effect depended upon mixed wet conditions, and the effect 
increased as the acid number of the oil increased. No low salinity effect was observed using a 
chalk core free from anhydrite. The chemical mechanism for the low salinity effect is 
discussed, and in principle, it is similar to the wettability modification taking place by 
seawater described previously. If the anhydrite is present in the rock formation, diluted 
seawater or diluted produced water can act as an EOR injectant to improve recovery over that 
achieved with high salinity brines. 
MAHANI et al. (2015) performed a study in which wettability alteration upon 
exposure to low salinity was examined by continuous monitoring of the contact angle. 
Furthermore, the effective surface charge at oil-water and water-rock interface was quantified 
via zeta potential measurements. Two carbonates rocks with different mineralogy were 
investigated: Limestone and Silurian dolomite. Four types of brines were used: High salinity 
formation water (FW), seawater (SW), 25 times diluted seawater (25dSW), and 25 times 
diluted seawater equilibrated with calcite (25dSWEQ) 
It was observed that, by switching from FW to SW, 25dSW, and 25dSWEQ, the 
limestone surface became less oil-wet. The results with SW and 25dSWEQ suggest that the 
low salinity effect occurs even in the absence of mineral dissolution, because no dissolution is 
expected in SW and 25dsSWEQ. The wettability alteration to a less oil-wetting state by low 
salinity is consistent with the zeta potential data of limestone, indicating that, at lower 
salinity, the charge at limestone –brine interface become more negative. 
In comparison to limestone, a smaller contact angle reduction was observed with 
dolomite. This is again consistent with the zeta potential of dolomite surface, generally 
showing more positive charges at higher salinities and less decrease at lower salinities. This 
implies that oil detachment from the dolomite surface requires a larger reduction of adhesion 
forces at the contact line than limestone.  
From this work, it is concluded that surface charge change (surface potential 
decrease) is likely to be the primary mechanism, which means that there is a positive low 
salinity effect in carbonates without mineral dissolution.  
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2.6. Potential determining ions Mg2+ and SO42- 
The effect of the potential determining ions such as Mg2+ and SO4
2- in carbonate 
rocks will be analyzed on the wettability alteration. 
2.6.1. Impact of magnesium ion on wettability alteration 
An extensive survey on the effects of Mg2+ as a wettability influencing ion on the 
wetting properties of oil-wet calcite has been performed by KARIMI et al. (2015). They 
explain the nature of carbonate surface in order to its charges and why oil adsorbs onto the 
surface, additionally, they investigate the effects of Mg2+ on carbonate surface after it has 
been aged with oil through contact angle, pH, and IFT measures. In order to describe and 
understand its result, they used a zeta potential measurements to supports their observations, 
as follow: 
The calcite surface was initially strongly water wet, however the calcite surface 
was first pre wetted in de-ionized distilled water (DIW), then it was aged in the model oil 
made of 0,01 M stearic acid in n-decane. After the aging process, the contact angle of calcite 
surface was measured to be 144.6°.  
When carbonate surface is in contact with water, as a result of dissolution of 
calcite in DIW, the pH of the solution increase. The reaction can be expressed by:  
  
𝐶𝑎𝐶𝑂3(𝑠) +  𝐻2𝑂 ↔ 𝐶𝑎
2+ +  𝐻𝐶𝑂3
− + 𝑂𝐻− 
 
(2.7) 
  
Figure 2.22(a), shows that by calcite dissolution which results in -Ca+ formation, 
stearic acid is adsorbed on the surface. Moreover, the presence of Ca2+ and OH- ions in the 
solution leads to the formation of calcium hydroxide, CaOH+: 
48 
 
 
Figure 2.22 - (a) Calcite/water interface in a basic media. (b) Calcite/water/stearic acid 
system. Source: (KARIMI et al., 2015) 
 
  
𝐶𝑎2+ + 𝑂𝐻− ↔ 𝐶𝑎𝑂𝐻+ 
 
(2.8) 
CaOH + formed in basic media can be chemisorbed on the primary surface centre 
of the carbonate ions, Figure 2.22(a). Therefore, the secondary surface centres for the 
adsorption of stearic acid molecules are formed. When the stearic acid is introduced to the 
solution, more stearate ions are produced from acid dissociation, equation (2.9). 
  
𝐶𝐻2(𝐶𝐻3)16𝐶𝑂𝑂𝐻 ↔ 𝐻
+ + 𝐶𝐻2(𝐶𝐻3)16𝐶𝑂𝑂
− 
 
(2.9) 
Chemical adsorption of developed separate ions occurs on the primary centre of -
Ca2+ ions as well as secondary centre of CaOH +. In the latter case, the participating in the ion 
exchange reaction, OH- ions are substituted by stearate ions, Figure 2.22(b). These facts are 
sufficient to conclude that the adsorption of stearate ions in the sole mechanism for wettability 
alteration of calcite surface.  
2.6.2. Effect of Magnesium ions 
To check the impact of magnesium ions on the aged calcite surface (oil-wet 
surfaces), the surface was treated with the solution of 0.01, 0.1 and 1 M magnesium chloride 
for 48 hours in order to assess contact angle, IFT, and pH results. The contact angle was 
decreased significantly when magnesium chloride was added and its concentration was 
increased in the solution. In all case, IFT of the solution after treatment is less than IFT of the 
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solution before the treatment and pH of the solution was increased during the soaking period 
which shows higher concentration of OH- in the solution.  
It is widely believed that magnesium ions could change the wettability of oil-wet 
calcite surface. However, the exact mechanism(s) of wettability alteration is not fully 
understood. The possible mechanism for the effect of magnesium ions to displace the 
adsorbed carboxylate group altering the wettability toward water wet is presented below: 
• Magnesium ions could substitute calcium ions on the surface and desorb Ca2+ -
carboxylate complex from the surface hence alter the wetting preferences of the surface 
(Figure 2.23(a)).  
• Magnesium ions could interact with adsorbed carboxylate on the surface hence 
linked to carboxylate group and remove the carboxylate from the surface (Figure 2.23(b)).  
 
 
Figure 2.23 - Proposed mechanism for wettability alteration of oil wet calcite surface 
after treatment with magnesium chloride solution. Source: (KARIMI et al., 2015) 
 
To find the most possible mechanism, further investigations using zeta potential 
measurements were performed in this study. The electrical charges at the rock/oil/brine 
interfaces would indicate the wetting properties of solid surface. Respecting this, monitoring 
the zeta potential provides the possible mechanism for solid particle to interact with other 
components. To characterize the surface potential, electrophoretic measurements were 
performed for calcite dispersions after treating the surface with different solutions. 
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Regarding to zeta potential measurements, carboxylate groups were partially 
desorbed from the surface and shift the electrical surface potential toward more positive 
values. To sum up, the interaction of magnesium divalent ions with the adsorbed carboxylate 
on the surface hence forming a complex with carboxylate group seems to be the active 
mechanism of wettability alteration and resulted in removing the carboxylate from the calcite 
surface.  
2.6.3. Impact of sulphate ion on wettability alteration 
KARIMI et al. (2016) showed the effects of the sulphate ions on the wetting 
properties of the oil-wet calcite surface and its influence on displacing adsorbed carboxylate 
from the oil-wet surface. Contact angle measurements were performed before and after the 
treatment of the calcite surface in order to assess alterations in their wettability. Thermo 
Gravimetric Analysis (TGA), Fourier Transform Infrared (FTIR) Spectroscopy, Energy 
Dispersive Spectroscopy (EDS), and zeta potential measurements were used to characterize 
the mineral surface, as follow: 
The carbonate rock is a calcite, this was washed with distilled deionized water 
(DIW), stearic acid was used to represent the natural fatty acids in crude oil, and a solution of 
0.01 M stearic acid n-decane was used as model oil for modifying the wettability of the calcite 
surface. In order to investigate the effects of sulphate ions on the wettability of oil-wet calcite, 
anhydrous sodium sulphate (Na2SO4, > 99%) was dissolved in DIW, with 0.01 and 0.1 M 
solutions being prepared.  
2.6.3.1. The displacement of carboxylate compounds by sulphate ions 
After aging the calcite surface in the model oil, the average contact angle was 145 
° (oil-wet state). The contact angle behaviour of the oil-wet calcite surface after its treatment 
with solutions of sodium sulphate at different concentrations was measured. After the aged 
calcite surface was soaked in DIW, the contact angle decreased slightly from 145° to 125°. 
Treatment with sodium sulphate solutions of 0.01 and 0.1 M altered the oil-wet surface 
gradually to a water-wet preference with contact angle of 99° and 76° respectively. 
Consequently, as the concentration of sulphate ions increased, the contact angle value 
decreased and the wettability of the surface shifted toward water-wetness.  
 Wettability alteration of the surface was accompanied by a change in the pH of 
the treating solutions, with the initial and final pH values of the solution. Soaking the aged 
calcite in DIW resulted in an increase in the pH, and this is explained by the release of 
hydroxide (OH-) expressed by the next reaction: 
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𝐶𝑎𝐶𝑂3(𝑠) + 𝐻2𝑂 ↔ 𝐶𝑎
2+ + 𝐻𝐶𝑂3
− + 𝑂𝐻− 
 
(2.10) 
The initial pH of both 0.01 and 0.1 M sodium sulphate solutions is higher than 
that of DIW. This is due to the following reactions which leads to an increase in the 
concentration of hydroxide ions and, hence, an increase in pH.  
  
𝑁𝑎2𝑆𝑂4 + 𝐻2𝑂 ↔ 2𝑁𝑎
+ +  𝐻𝑆𝑂4
− + 𝑂𝐻− 
 
(2.11) 
As a result, soaking the oil-wet calcite surface in sodium sulphate solutions cause 
a significant increase in the final pH of the treating solutions, which indicates the 
enhancement in hydroxide concentration.  
To verify the reliability of the contact angle measurements, TGA 
(Thermogravimetric Analysis) was used to measure the amount of adsorbed stearate on the 
calcite surface before and after treatment. After the aged calcite was treated with 0.1 M 
sulphate solution, the weight loss due to stearate decomposition was 0.4 wt%, which 
corresponds to a reduction of 30% of the adsorbed stearate on the surface. The TGA analysis 
is in harmony with the contact angle results.  
2.6.4. Effect of sulphate ions 
Based on the contact angle measurements and TGA results, it is obviously that 
sulphate ions are able to partially release the adsorbed stearate from the surface and then 
modify the surface wetting state toward water-wetness. Thus, three different mechanisms can 
be proposed to explain the wettability alteration by sulphate ions: 
 
1. An ion exchange between sulphate and/or bisulphate ions and adsorbed carboxylate 
ions on the surface. This results in the release of carboxylate from the surface (Figure 
2.24). 
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Figure 2.24 - Ion exchange sulphate/bisulphate and adsorbed carboxylate. Source: 
(KARIMI et al., 2016) 
 
2. The interaction between the sulphate and/or bisulphate ions and the calcium that is 
attached to the stearate ion, which leads to the removal of calcium ions along with 
attached carboxylate from the surface (Figure 2.25). 
 
 
Figure 2.25 - Interaction sulphate/bisulphate ions with calcium on the surface. Source: 
(KARIMI et al., 2016) 
3. An ion exchange between the hydroxide ions and the adsorbed stearate ions on the 
calcite surface, a process which results in the displacement of the stearate ions from 
the surface (Figure 2.26) 
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Figure 2.26 - Ion exchange hydroxide and adsorbed stearate ion on the calcite surface. 
Source: (KARIMI et al., 2016) 
 
Three other characterizations methods, (FTIR), (EDS), and zeta potential were 
carried out to provide complementary evidence about the surface wettability alteration 
mechanism.  
FTIR can be used to identify the structure of a molecule and also to investigate the 
interaction of the molecules with the surrounding environment. Accordingly, FTIR 
spectroscopy was run to identify the functional groups in the molecules and to analyze the 
adsorbed compounds on the calcite surface. According to the results, there was a decrease in 
intensity of the stretching vibrations at 2956 and 2874 cm-1, as well as in that of the stretching 
absorption bands at 2850 and 2917 cm-1. This indicates that sulphate ions partially remove 
adsorbed stearate from the calcite surface.  
The previous conclusion was confirmed by performing a SEM-EDS analysis on 
the aged calcite sample after it had been treated with the 0.1 M sodium sulphate solutions. 
The sample was composed of oxygen, calcium, and carbon. The sample weight percentage of 
oxygen, calcium, and carbon in pure calcite were is 47,5%, 35,5%, and 17,1% respectively. 
And, for the treated sample were 48,2%, 32,3%, and 19,4% respectively. The difference in 
weight is due to the presence of stearate ions in the sample causing a reduction in the 
composition of calcium and an increase in composition of carbon and oxygen. No sulfur was 
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found in the sample, which indicates that there was no adsorption of sulphate ions on the 
surface, this observation is consistent with the FTIR results.  
Measurements of the zeta potential of the calcite samples after different type of 
treatments can be helpful in explaining the interactions between the aged calcite surface and 
its surrounding environments. The zeta potential for the pure calcite was positive (+29.6 mV), 
for aged calcite was negative (-33.4 mV), which are consistent with observations found in the 
literature. The zeta potential of the aged calcite treated with 0.01 M sodium sulphate solution 
was -23.9 mV, and when more sulphate ions were added, the zeta potential became more 
negative. Thus sulphate ions are able to decrease the zeta potential.  
The data given above allowed to come to several conclusions about the three 
proposed mechanism, by which sulphate ions can alter the wettability. Consequently, this 
suggests that, sulphate ions are capable of improving the water-wetness of carbonate surfaces.  
At low concentration, the interaction between sulphate ions and the calcium ions attached to 
the stearate on the surface, and the ion exchange between the hydroxide group and adsorbed 
stearate ions on the calcite surface, are both active mechanism of wettability alteration during 
the treatment. However, at high concentration of sulphate ions, the interactions between the 
sulphate ions and the calcium ions on the surface is the most active mechanism of wettability 
alteration, in this situation, the ion exchange between hydroxide ions and adsorbed stearate 
ions on the calcite surface can act as a supplementary mechanism that desorbs stearate ions 
from surface. In other words, it can therefore conclude that a combination of the second and 
third proposed mechanism results in a more water-wet surface when the aged calcite surface 
is treated with sulphate ions.  
2.7. Practical aspects 
A set of studies will describe the effect the low salinity waterflooding on the 
dolomite rocks in order to obtain additional oil recovery as reference of this research.  
GUPTA et al. (2011) Showed that a relatively inexpensive and straightward 
modification of injection water composition can significantly increase oil recovery. They 
made coreflooding experiments on dolomite using as first injection water as formation brine, 
after seawater with adding ion sulphate. The experiments were made the first one with a 
horizontal orientation, because of heterogeneity in the core; the second core was made with a 
vertical orientation. In both case, sulphate ions improved the oil recovery from dolomites, as 
follow:  
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Advanced Ion Management (AIMSM) experiments, wherein selected ions were 
added to or removed from the injection water, were conducted with the goal of improving 
waterflood oil recovery. Dolomites cores were obtained from an outcrop that is considered an 
analogy of a West Texas reservoir (82% dolomitized). Oil from a Middle Eastern reservoir 
was used for all experiments with 0.11 mg KOH/g content. All brines were synthetic, and, for 
dolomite coreflooding test, it was used seawater containing four times the usual sulphate ions 
concentration as 4XSO4
2- . 
In all experiments, formation water was injected first until oil production ceased, 
followed by one or many modified brines, at this case seawater 4XSO4
2-. The experiments 
were performed at 158 C and 300 psi pore pressure.  
Figure 2.27 shows oil recovery and pressure drop curves for core 1 with 
coreholder oriented horizontally. An increment of 6% OOIP recovery was obtained with 
seawater 4X SO4
2- after core dolomite D1 was flood with formation water.  
 
 
Figure 2.27 - Oil recovery and pressure drop plot for core D1. Source: (GUPTA et al., 
2011) 
Oil recovery with formation water alone was 30.3 % OOIP, which was lower than 
expected range of oil recovery (AN low). Core heterogeneity and the core holder design were 
suspected to be the cause for this delayed oil recovery behaviour. 
Thus, Figure 2.28 shows a second dolomite coreflood performed on core D2 in 
the vertical orientation with the same brine sequence and experimental conditions as used for 
core D1 in order to reduce the effect of heterogeneity. An additional 9% OOIP was recovered 
with 4X SO4
2-. 
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Figure 2.28 – Oil recovery and pressure drop plot for core D2. (GUPTA et al., 2011) 
 
 To sum up, the previous experiments confirms repeatability and effectiveness of 
sulphate ion in improving waterflood oil recovery from dolomitized rock, and the key 
mechanism for improved oil recovery is believed to be wettability alteration towards more 
water-wet condition. The cause of this wettability alteration is believed to be dependent on the 
modified brine composition.  
ROMANUKA et al. (2012) Modified the chemistry of injection water in order to 
assess the oil recovery due to wettability behaviour on carbonate rock (dolostone) surface in 
function of either concentration of surface ions or ionic strength, as follow: 
The reservoir core of Dolostone (D1) is, differently from limestone, primarily 
composed of dolomite (CaMg(CO3)2) instead of calcite (CaCO3). The D1 rock material used 
for that study is particular, as it contains evaporites, i.e the minerals anhydrite (CaSO4) and 
halite (NaCl). Both minerals have a higher solubility than pure calcite or dolomite. The 
solubility product Ksp of anhydrite is 4.93x10-5 while Ksp of calcite is 3.36x10-9 and reported 
values of Ksp for dolomite range from 10-17 to 10-20 (HSU, 1963). According to the thin 
section analyses, samples Dol 1.1 and Dol1.2 have abundant replacive anhydrite cement and 
samples Dol1.3 and Dol1.4 contain a moderate amount of anhydrite, as it is shown in Figure 
2.29 
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Figure 2.29 - Thin sections of Dolostone 1 rock samples: (a), (b) sample Dol1.1, Dol1.2; 
(c), (d) sample Dol1.3, Dol1.4. Source:( ROMANUKA et al., 2012) 
 
Oil recovery from all the samples due to imbibition of the high salinity FW4 (high 
salinity, 230770 ppm) brine ranged from 3 to 10 % OIIP (Figure 2.30). When the brine was 
replaced by the lower ionic strength brine WM5 (low salinity, 4930 ppm) and containing only 
1 mM SO4
2-, the oil recovery was increased by 5 to 18% of OIIP. 
 
 
Figure 2.30 - Spontaneous imbibition experiment on Dolostone 1 rock materail at 85 °C. 
Source:( ROMANUKA et al., 2012) 
 
 It was confirmed by composition analysis that anhydrite was dissolved during the 
low salinity imbibition process because of significant increase in Ca2+ and SO4
2- 
concentration. The increase in calcium and sulphate concentration varies from sample to 
sample, corresponding to different anhydrite contents of the samples, thus, concentration of 
SO4
2- in the surrounding imbibing fluid was increased to 2-10 mM. 
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SHARIATPANAHI et al. (2016) did a chemical study on smart water EOR 
effects in dolomite. They checked for the presence of anhydrite in dolostone rock, tested the 
effects of sulphate in dolomite, and analyzed oil recovery by imbibition test regarding 
sulphate and salinity, as follow: 
Figure 2.31 shows an oil recovery by spontaneous imbibition of VBOS (Valhall 
formation brine with concentration of ions Cl-,Mg2+,Na+) into SK chalk core with SWi=0.1 
using formation brine with the same salinity, 630000 ppm, but different types of cations: Pure 
NaCl brine, MgCl2 (I) with high Mg
2+ concentration, and CaCl2 (I) with high Ca
2+ 
concentration. Oil with AN=0.34 mgKOH/g was used at 25 °C.  
 
Figure 2.31 - Oil recovery by spontaneous imbibition into SK chalk core. Source:( 
SHARIATPANAHI et al., 2016) 
 
As a conclusion, the presence of Mg2+ in the formation water appears to make the 
carbonate surface more water-wet due to adsorption onto the rock surface (Higher recovery). 
In contrast, Ca2+ decreased the water wetness (Lower recovery).  
 
• Wettability alteration in Dolomite cores 
 
There is no reason to believe that the chemical mechanism for wettability 
modification with smart water in dolomite should be different compared to other carbonates.  
As discussed previously, sulphate is a key ion in the smart water EOR, thus, it is 
important to verify if anhydrite is part of the rock matrix. In order to find sulphate content in 
the rock, a dolomite core SLI#7 was flooded with DI water at room temperature, and effluent 
was analysed for Ca2+, Mg2+, and SO4
2- using an ion chromatograph 
The concentration of sulphate initially eluted from the core amounted to 0.3 mM, 
and it decreased rapidly to below 0.001 mM. It was noticed that the peak in the SO4
2- 
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concentration corresponded to the small peak in the Ca2+ concentration, indicating the 
presence of a very small amount of dissolvable anhydrite in the pore system. Therefore, all 
dolomite cores were prepared for oil recovery test were initially flooded with DI water, about 
10 PV, to remove traces of anhydrite.  
The affinity of sulphate toward the dolomitic surface was tested 
chromatographically. First the core was equilibrated with SWOT (without SO4
2-), SCN- 
(tracer), and the flooded with SW1/2T containing SO4
2- and SCN- in equal concentration. The 
concentration of SO4
2-, SCN-, Ca2+, and Mg2+ was measured in effluent samples. 
The chromatographic separation between the tracer and sulphate for core SIL#7 at 
20 and 130 °C showed that the adsorption between the tracer and sulphate is low at room 
temperature Aw= 0.08. At 130 °C, Aw= 0.16, this value also is low compared to previous 
observations in calcite rocks (SHARIATPANAHI; STRAND; AUSTAD, 2010). 
It was inferred that the change in the Ca2+ and Mg2+ concentration as sulphate 
enters the core, these changes are also small, confirming that the presence of SO4
2- has 
negligible effects on coadsorption/desorption of Ca2+ and Mg2+ from dolomitic surface. 
As a result, based on these preliminary test and previous observation in calcite, 
SW should not be an optimum Smart Water for wettability alteration in dolomite.  
Nevertheless, an oil recovery by spontaneous imbibition was conducted on two 
dolomite core, SIL#9 and SIL #6, at 70°C. Both outcrop cores were restored using initial 
water saturation of 15% with formation water (222000 ppm, salinity), saturated and aged with 
oil AN=0.52 mg KOH/g. The restored cores were successively imbibed with FW, seawater 
(SW), and 10 time diluted seawater (D10SW), Figure 2.32. 
 
 
Figure 2.32 - Oil recovery from dolomite cores. Source:( SHARIATPANAHI et al., 2016) 
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The trend was the same for the two cores, oil recovery was 8, 11, and 25% for 
Sil#9 and 6,7, and 16% for SIL#6, using FW, SW, and D10SW respectively. Thus, SW is not 
an efficient smart EOR fluid in dolomite. However, the oil recovery was improved drastically 
when SW was diluted 10 times (salinity of 3339 ppm).  
In limestone, low salinity EOR effects have been observed in a forced 
displacement process provided that the rock contains dissolved anhydrite, CaSO4(s) 
(YOUSEF; AL-SALEH; AL-JAWFI, 2012). For the dolomite cores in this study, anhydrite 
was not present. Consequently, it is interesting to wonder if the oil recovery improved by 
D10SW was because of either salinity or the presence of sulphate. Therefore, two new oil 
recovery tests were performed to assess the salinity effects in FW on oil recovery at 70 °C in 
the same manner as before. The cores were imbibed with FW followed 100 times diluted FW 
(d100FW, salinity of 2222 ppm), thus, really the main difference between D10SW (salinity of 
3339 ppm) and d100FW is the presence of SO4
2-, 2.4 and 0.02 mM, respectively. The result 
was no extra oil recovered when switching from FW to d100FW.  
To sum up, incremental oil recovery to wettability alteration was observed also in 
the absence of significant dissolution of anhydrite. It appears SO4
2- is still acting as catalyst 
for wettability alteration in slightly water dolomite at higher temperatures.  
Due to a lower affinity of sulphate toward the dolomite compared to calcite, the 
salinity of the smart water brine should be low to increase the surface reactivity of sulphate 
and calcium ions to improve the chemical wettability alterations. 
Knowing that the dolomite surface contains both Mg2+ and Ca2+ as positively 
charged sites, it is reasonable to believe that the adsorption of active polar carboxylic material 
onto dolomite is weaker than for calcite. 
The affinity of SO4
2- in SW toward the dolomite surface was low, and SW acted 
as a poor wettability modifier at 70 °C. In calcite at high temperature was great. 
Previous laboratory test using reservoir core of dolostone with varying amounts of 
anhydrite showed similar effects on oil recovery by spontaneous imbibition at 85°C.  
As a result, it is interesting to observe that reservoir core used by ROMANUKA 
et al. (2012), and outcrop dolomite by Shariatpanahi et al. (2016) (absence of significant 
dissolution of anhydrite) responded in a similar way regarding oil recovery by wettability 
alteration. 
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3. METHODOLOGY 
Low salinity waterflooding tests were performed on dolomites rocks, wherein 
selected ions were added to or remove from the injection brine so as to evaluate the oil 
recovery. These coreflooding tests were conducted on plugs set in series to avoid the capillary 
end effects (ANDRADE, 2017) which is a function of the distance between the core inlet and 
core outlet. See Appendix A for further details (HUANG; HONARPOUR, 1998). 
Additionally, reservoir conditions were reproduced in the experiments with the purpose of 
having results more representatives that can take place at those conditions. 
In this section, it will be described all the material and methods involved in this 
research. First, the characteristics and properties of the core samples and fluids will be shown. 
Next, every method, procedure, and equipment which took part in the process to reach the 
final tests will also be exposed. Later, and no less importantly, the research planning to 
achieve the objective of all this work will be explained. Table 3.1 shows all the stages of the 
laboratory activities to perform any coreflooding test.  
Table 3.1 Stages of the laboratory activities for a coreflooding test. 
Stage Laboratory activity 
Time 
(Days) 
Oil sampling Homogenization and filtering 2 
Preparation of brines 
Chemical solution preparation, 
filtering, deaeration 
2 
Rock sample 
selection and 
preparation 
Rock selection 2 
Petrophysical measurements 1 
Rock cementing 2 
Initial water saturation establishing 9 to 20 
Dead oil injection 2 
Core aging >= 15 
Core cleaning 15 to 21 
Coreflooding test 
Coreholder assembly, line 
saturation, establishing of reservoir 
conditions, oil substitution 
2 
Running test 2 
 
3.1. Materials 
Every element that is part of the oil/water/rock system in this study was 
characterized in order to have a reliable data, letting results be consistent and analyzable. 
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3.1.1. Core plugs 
The rock material selected for this study was an outcrop carbonate from the 
Thornton - Devonean Silurian formation, USA, which is analogous to a Brazilian reservoir. 
Core plugs were cut from whole cores, and then shaved to the correct diameter (~1,5-in or 
3,81-cm) and cut to the right length (~2,2-in or 5.58-cm) using an oversized bit and a cutting 
blade saw, respectively.  
Different laboratory measurements were carried out to choose consistent rock 
samples in terms of chemical compositions and petrophysical properties. DRX and SEM-
EDX analysis showed that core plugs are principally composed of >=99% dolomite material 
(CaMg(CO3)2). Routine core analysis that includes porosity and permeability measurements 
indicated the porous medium has a high permeability (232-367 mD) and medium porosity 
(13-16 %) values, see Table 3.2. 
Table 3.2 – Basic petrophysical properties of selected core plugs 
Pair 
No. 
Core 
no. 
Weight 
(gr) 
Length 
(cm) 
Dia 
(cm)  
Porosity 
(%) 
Air 
Permeability 
(mD) 
1 
1 133,842 4,97 3,84 14,87 309,21 
4 128,466 4,75 3,84 14,02 282,80 
2 
2 137,980 5,10 3,85 14,77 232,07 
12 159,322 5,93 3,82 14,07 237,34 
3 
7 136,263 5,02 3,84 13,82 312,33 
13 159,430 5,93 3,83 14,67 315,94 
4 
10 169,207 6,25 3,84 14,21 367,56 
11 137,248 5,05 3,84 13,91 332,67 
5 
16 135,323 5,10 3,83 15,53 261,24 
27 131,913 4,89 3,83 15,33 249,83 
6 
18 153,680 5,68 3,85 15,85 355,47 
20 154,820 5,62 3,86 13,93 275,31 
Total/Average 144,791 5,36 3,84 14,58 294,31 
 
Porosity and permeability are very important rock properties for reservoir 
engineering; consequently, in this research these values must be trustworthy. Below are 
mentioned the instruments used to measure these properties and their reliability which are 
fundamental for any evaluation or engineering function performed on the rock samples.  
3.1.1.1. Porosity measurements 
The equipment used to measure the porosity of the rock samples was a 
porosimeter from Core Laboratories Inc. This apparatus works by applying Boyle’s law 
through the gas isothermal expansion which in this case was Nitrogen. The precision for 
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routine core analysis is not required where the A.P.I standard of 0.5 porosity percent precision 
is applicable.  
3.1.1.2. Permeability measurements 
The rock permeability values were accomplished by the gas permeameter that also 
belongs to Core Laboratories Inc. This equipment operates under Darcy’s law where a sample 
can be subjected to an elevated gas pressure and by measuring the volume flow rate which is 
also nitrogen is possible to calculate the specific permeability. Permeability values determined 
by the correct operation of this instrument should be within 5% of the actual permeability.  
3.1.2. Fluid Properties 
To understand and predict the behaviour of the coreflooding tests used in this 
study as a function of pressure and temperature, knowledge of the physical properties of the 
fluids must be gotten. These fluid properties were determined by laboratory experiments 
performed on both oil and injection brines, as follow: 
3.1.2.1. Oil 
A crude-oil sample was used in this study that came from a Brazilian reservoir. 
Two oils which have the same origin were used for different activities; the first one which 
was not diluted (dead-oil) for aging purposes, and the second one which was diluted 40 vol % 
cyclohexane for simulating viscosity of live-oil (reservoir-stabilized-oil) at the coreflooding 
test conditions. The oil was agitated to make its components get uniformity, and then, it was 
filtrated trhough a millipore filter of 5 µm to get rid of solids and contaminant that can 
generate experimental problems. SARA and Acid number (AN) of the crude oil were 
determined to distinguish the oil chemical compositions. Physical properties such as density 
and viscosity were also measured at specific conditions. The previous oil physical-chemical 
properties are listed in Table 3.3 and Table 3.4, respectively. 
 
Table 3.3 – Crude oil chemical composition 
Test Chemical Analysis 
SARA ANALYSIS 
Saturates 97,35 %(m/m) 
Aromatics 1,94 %(m/m) 
Resins 0,37 %(m/m) 
Asphaltens 0,34 %(m/m) 
ACID NUMBER AN 1,31 (mg KOH/g)  
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Table 3.4 – Crude oil properties 
Conditions 20 °C and 14,7 psi 124 °C and 5000 psi 70 °C and 2000 psi 
Crude Oils 
Density 
(gr/cc) 
Viscosity 
(cP) 
Density 
(gr/cc) 
Viscosity 
(cP) 
Density 
(gr/cc) 
Viscosity 
(cP) 
Dead-oil 0,855 14,66 0,808 2,268 0,874 4,01 
reservoir-
stabilized-
oil 
0,824 3,49 0,764 0,8 0,784 1,56 
 
The physical and chemical properties of crude oils are dependent on the 
concentration of several types of hydrocarbons, thus, these properties can be considerably 
varied. Then, it is necessary to have an accurate description of these properties due to their 
importance in both the fields and theoretical sciences for solutions in petroleum reservoir 
engineering problems. To achieve this, the properties which had primary interest in this 
research were basic chemical composition, density and viscosity. As a result, it will be 
described the way how these properties were determined.  
• Oil chemical composition: In order to characterize the chemical composition of the 
oil, the SARA analysis and the AN measurements were performed. The SARA 
analysis consist on separating the oil into smaller fractions or classes, referred to 
Saturate, Aromatics, Resins, and Asphaltenes due to the solubility of hydrocarbon 
components in different solvents. The technique used in this study was the ASTM 
D6560-12 and ASTM 2007-11, beside, the AN was determined with regard to 
ASTM D-664 method. To more details, refer to Appendix B. 
 
• Oil density: The DMA-4500 and DMA HP Density Meter by Anton Par which 
were used to measure the oil density where the second one is for high pressures. 
This equipment applies the oscilating U-tube method where a sample is introduced 
into a U-shaped borosilicate glass tube that is being excited to vibrate at its 
characteristic frequency. The characteristic frequency changes depending on the 
density of the sample, thus, through a precise determination of these frequencies 
and a mathematical conversion, oil density can be measured. This measuring 
principle lets density values have a high accuracy in wide viscosity and 
temperature ranges.  
 
• Oil viscosity: To measure the oil viscosity was used the Cambridge Viscopro 2000 
viscometer. Its principle is based on an electromagnetic concept where two coils 
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let a piston move toward up and down due to a constant electromagnetic force. The 
fluid viscosity is determined regarding the piston frequency when it completes a 
cycle of a roundtrip. For any fluid characteristics is necessary to change the piston 
in function of the range of associated viscosities. The fluid temperature is 
controlled by a heat fluid exchanger and it is monitored through a temperature 
indicator that is located on the base of the equipment. Successful operations of this 
device assure that viscosity is really reliable and accurate. 
 
3.1.2.2. Brines 
Synthetic brines were used in this study. The brines were made by mixing 
deionized water and different amount of pure salts to reach the ions desired concentration. 
The formation water (FW) composition was prepared taking the same one from a Brazilian 
field, and it was used to establish the initial water saturation for the core samples. FW is very 
saline with a salinity of 187395 (mg/L) by weight. The brines with lower salinity were 
prepared to assess the oil recovery, consequently, seawater (SW) was used as injection brine, 
and its concentration was also associated to those which are presents in the Brazilian sea 
coasts. It is important to mention that the injection brine base was seawater with a 75% of 
usual NaCl content (SW0,75NaCl) where SO4
2- and Mg2+ ions were added (2 times, 4 times) 
or removed (0,5 times, 0 times) to study their oil recovery effects on the dolomite core plugs. 
This injection water base (28514 mg/L) was selected due to the fact that ANDRADE (2017) 
had a positive effect on oil recovery in the same rock samples composition at same 
coreflooding test conditions 
The chemical compositions of both basic and injections brines are listed in Table 
3.5 and Table 3.6. The amount of dolomite dissolution or precipitation in the brines was 
analyzed by using geochemical modeling software named PHREEQC from the United States 
Geological Survey (USGS) at testing conditions and almost neutral pH. 
 
Table 3.5 – Chemical compositions of basic brines 
Ion 
FW 
(mg/L) 
SW 
(mg/L) 
SW 0.75NaCl 
(mg/L) 
Na+ 64986 10556 8247 
Mg2+ 499,71 1262 1262 
Ca2+ 4598 400 400 
K+ 3920 380 380 
Sr2+ 0 13 13 
Ba2+ 4,119 0 0 
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Cl- 113316 18980 15423 
SO42- 49,95 2649 2649 
HCO3- 21,356 140 140 
TDS 
(mg/L) 
187395 34380 28514 
 
 
Table 3.6 – Chemical composition of injections brines 
Ion SW0,75NaCl 
 
0SO42-
(mg/L) 
0,5SO42-
(mg/L) 
2SO42-
(mg/L) 
4SO42-
(mg/L) 
0Mg2+ 
(mg/L) 
0,5Mg2+ 
 (mg/L) 
2Mg2+ 
 (mg/L) 
4Mg2+ 
(mg/L) 
Na+ 
6979 7612 9515 12051 8247 8247 8247 8247 
Mg2+ 
1262 1262 1262 1262 0 631 2524 5048 
Ca2+ 
400 400 400 400 400 400 400 400 
K+ 
380 380 380 380 380 380 380 380 
Sr2+ 
13 13 13 13 13 13 13 13 
Cl- 
15423 15423 15423 15423 11743 13584 19107 26470 
SO42- 
0 1324,5 5298 10596 2649 2649 2649 2649 
HCO3- 
140 140 140 140 140 140 140 140 
TDS 
(mg/L) 
24597 26554,5 32431 40265 23572 26044 33460 43347 
 
3.2. Methods, procedures, and equipment 
All the laboratory process performed to reach the objectives of this research will 
be described. To illustrate, first it will be shown how the fluids were prepared, followed by 
the core sample selection and preparation, and finally how the apparatus and procedure of the 
coreflooding tests work for the experimental tests.  
 
3.2.1. Oil sampling 
As it was mentioned previously, the oil used for this research had to be 
homogenized and filtered to guarantee a representative composition of the oil and to avoid 
any experimental problem, respectively. 
67 
 
3.2.1.1. Oil homogenization  
Oil was put under heating at 50 °C through an oven, and it was agitated once per 
hour during 8 hours to confirm that the oil composition was well mixed inside the store 
vessel.  
3.2.1.2. Oil filtering 
Oil was filtered flowing across a Millipore filter of 5 µm (see Figure 3.1) so as to 
remove any contaminant element that may cause problems in the tests.  
 
 
Figure 3.1 – Millipore filter of 5 µm 
It was necessary to set a scheme to filter oil that it was composed of a pump, the 
filter, and a store bottle. It was required to apply about 3000 psi in pressure to let oil flows 
through the filter. Consequently, in Figure 3.2 is the scheme that is an illustration of the 
experimental set used. 
 
Figure 3.2 – Oil filtering scheme 
Finally, almost five liters of oil were prepared and stored which were supposed to 
be enough for aging purpose and oil change (reservoir stabilized oil) at the tests 
 
3.2.2. Preparation of brines 
The way how brines were made was based on a series of steps that include: 
stoichiometry preparation of chemical solutions, brine filtering, and brine deaeration. 
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3.2.2.1. Chemical solutions preparation 
Reagent-grade chemicals such as pure salt compounds were dissolved into 
distilled water to make synthetic brines. Every salt compounds were weight in grams by an 
accuracy analytical balance to confirm the right desire ion concentration in the chemical 
solution which had a bulk volume of 1 liter. The salt compounds used to prepare both 
formation water and injection brines are listed as follow: 
• NaCl (Sodium chloride) 
• CaCl2x2H2O (Calcium clhoride, dihydrate) 
• NaHCO3 (Sodium bicarbonate) 
• MgCl2x6H2O (Magnesium chloride, hexahydrate) 
• Na2SO4 (Sodium sulphate) 
• KCl (Potassium chloride) 
• BaCl2x2H2O (Barium chloride, dihydrate) 
• SrCl2x6H2O (Strontium chloride, hexahydrate) 
When all the salt compounds are in the solvent, the solution is kept agitating for at 
least 30 minutes to make sure that the solution is completely saturated with the right amount 
of solute. To achieve this, an agitator device was put on the solution at about 300 revolutions 
per minute (rpm), see Figure 3.3. 
 
Figure 3.3 – Brine solution agitator 
 
3.2.2.2. Brine filtering 
The next step to make the brines consisted on filtering no desire elements that can 
exist in the solution like contaminants, dirt, and biological material. Thus, a membrane filter 
of 0,22 µm was used for this target as it is exhibit by Figure 3.4. 
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Figure 3.4 – Membrane filter for brines 
 
In Figure 3.5 it is shown the configuration used to filter this type of fluids. 
Vacuum was performed on the solution through a pump to let the brine pass across the filter 
and be stored at bottom of the bottle. 
 
Figure 3.5 – Filter configuration of brines 
3.2.2.3. Brine deaeration 
Finally, provided that brines have undesirable air in the solution, they are then 
submitted under vacuum and agitation again in order to get rid of this gas. It is important to 
highlight that this treatment is done to avoid injecting air into the core samples and also the 
gas effect on the whole system in the apparatus because its presence do not let to work 
efficiently, see Figure 3.6. 
 
Figure 3.6 – Deaeration process 
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3.2.3. Rock sample selection and preparation 
At this section all the procedures and methods done on rock samples to choose the 
fittest ones and to make them be ready in petrophysical conditions for the tests, respectively, 
will be described. 
3.2.3.1. Rock selection  
In Figure 3.7, all the samples assessed to make the rock selection are shown with 
an amount of 31 core plugs. Thus, these plug samples were analyzed by routine petrophysical 
measurements like weighting, sizing, porosity, and permeability to have data that let them be 
characterized beyond their chemical composition which is composed basically of dolomite 
mineral.  
 
 
Figure 3.7 – Total dolomite core samples 
Permeability was the main result data to choose the cores for the coreflooding 
tests due to the fact that pressure drop was also going to be tested and at test conditions this 
parameter is very sensible, and as it is known, its value is strongly related to permeability. As 
a result, the rock samples were selected depending on the highest permeability value, thus, it 
was necessary that every pair arranged had to have close values for this property. To illustrate, 
in Table 3.7 are listed petrophysical results of all the rock samples without being cemented 
where there are core numbers that have a “*” which stands for selected core samples. Finally, 
six pairs were formed, as follow: 
 
• Pair 1: core number 1 and 4 
• Pair 2: core number 2 and 12 
• Pair 3: core number 7 and 13 
• Pair 4: core number 10 and 11 
• Pair 5: core number 16 and 27 
• Pair 6: core number 18 and 20 
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Table 3.7 - Basic petrophysical properties of core plugs without being cemented. “*” 
stands for selected core samples 
core 
No. 
Weight 
(gr) 
Lenght 
(cm) 
Dia 
(cm) 
Porosity 
(%) 
Air 
Permeability 
(mD) 
*1 131,286 4,97 3,79 15,82 314,87 
*2 134,609 5,00 3,81 14,92 239,70 
3 140,627 4,81 3,77 5,76 0,08 
*4 125,824 4,72 3,80 16,87 306,93 
5 174,867 6,22 3,77 9,98 0,07 
6 163,058 6,00 3,77 11,91 44,90 
*7 132,791 5,02 3,80 15,51 337,70 
8 148,265 5,36 3,77 10,42 0,07 
9 141,914 5,00 3,77 8,62 0,07 
*10 162,334 6,25 3,76 15,99 410,35 
*11 134,085 5,05 3,81 15,76 352,95 
*12 152,566 5,94 3,76 16,16 249,85 
*13 155,636 5,93 3,80 16,29 332,43 
14 141,096 5,04 3,79 10,86 6,71 
15 142,494 5,04 3,78 9,65 0,05 
*16 132,397 5,02 3,81 17,35 277,68 
17 135,634 4,94 3,81 13,18 152,97 
*18 165,687 6,25 3,82 16,44 349,41 
19 166,965 6,20 3,81 14,98 115,79 
*20 166,923 6,21 3,80 14,81 299,27 
21 169,322 6,16 3,82 13,51 43,14 
22 160,370 5,94 3,80 14,50 65,25 
23 173,272 6,35 3,80 13,42 119,12 
24 131,901 5,00 3,80 15,71 98,29 
25 170,160 6,27 3,80 13,79 204,26 
26 174,887 6,39 3,82 14,18 74,74 
*27 130,041 4,87 3,81 14,95 268,22 
28 160,309 5,84 3,80 12,58 94,16 
29 171,472 6,39 3,81 15,24 219,53 
30 133,585 5,03 3,81 15,55 83,75 
31 115,630 4,54 3,78 18,94 241,52 
 
3.2.3.2. Rock cementing 
The selected pairs were then cemented on their external surface by using a 
material composed of a mixture of a resin and a hardener that can seal the rock surface since it 
can resist the test conditions. This procedure was carried out to force the fluids flow across the 
pair samples which are located in series, avoiding border flow among them. Some of the 
selected cores that were cemented are exhibited by Figure 3.8. 
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Figure 3.8 – Cemented cores 
Afterwards, routine petrophysical measurements are again performed on theses 
cores to carry out coming laboratories methods. In Table 3.2 was previously shown the final 
basic petrophysical properties. 
3.2.3.3. Initial water saturation establishing 
Initial water saturation (SWi) was the next step after cementing the core samples 
using the desiccator method (SPRINGER; KORSBECH; AAGE, 2003). To establish the SWi, 
firstly, the core plugs were put under vacuum during 24 hours through top of an accumulator, 
secondly, having closed the upper inlet, it was injected formation water 10 times diluted with 
deionized water (dW) from the bottom of the accumulator at low rate flow until reach 2000 
psi of injection pressure. Then, the pump was set on pressure constant mode with this value 
for additional 24 hours, see Figure 3.9.  
 
 
Figure 3.9 – Experimental Setup to saturate core samples with FWx10dW  
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Later, the core samples are taken off the accumulator with FWx10dW and 
immediately weight. This saturated weight is compared to the dried weight measured 
previously in order to calculate a saturation index. In the expression below is indicated how to 
get this value. 
𝑆𝐼 =
𝑆𝑤 − 𝐷𝑤
𝜌𝐹𝑤𝑥10𝑑𝑊 × 𝑃𝑉
 
(3.1) 
 
Where, 
SI= Saturation index 
Sw= Saturated weight 
Dw= Dried weight 
ρFwx10dW= Density of formation water 10 times diluted with deionized water 
PV= Pore volume 
 
On this way was proved that core samples were completely saturated with 
Fwx10dW. It is also important to note that 5% error on the SI can be tolerated because 
porosity volume measurement has the same error value. 
Consequently, in Figure 3.10, selected core plugs which were fully saturated with 
diluted formation water, they were then allowed to dry in a desiccator by monitoring their 
weight until reach the desired water saturation that was 10%. 
 
Figure 3.10 – Core sample desiccator 
Last, when 10% of formation water saturation was reached, the core samples were 
put away in a humidified container to prevent evaporation and to let core plugs have an 
improvement in the distribution of the brine into the porous medium. In a visual sense, an 
effective distribution of the formation brine in the sample could be observed when the plugs 
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stayed inside of those containers for at least three days. Consequently, as it can be seen in 
Figure 3.11, on the one hand (Figure 3.11 (a)), there is a core sample that did not reached a 
good formation water distribution as saline compounds are notice on the external sample’s let, 
afterwards, on the other hand (Figure 3.11 (b)), it is the same rock sample but showing no 
content of any saline material on the external porous medium due to the fact a satisfactory 
formation water distribution happened at this stage. 
 
Figure 3.11 – Distribution of formation water into core samples 
3.2.3.4. Dead oil injection 
After establishing initial water saturation for core plugs, dead oil injection into 
them is performed. Thus, the pair core is set in an aluminum core-holder, consequently, a 
confining pressure of 1000 psi is applied to the samples at 50 °C stabilized temperature. Next, 
a vacuum into the core plugs was done during 5 minutes to remove any air content inside 
them. Last, crude oil was injected into the cores in a closed system at 0,1 cc/min constant rate 
flow until reach a 500 psi injection pressure. Then, the system is opened and 4 total porous 
volume are injected where the direction of flow was reversed to every two porous volumes 
injected to give uniform saturation distribution (SHARIATPANAHI et al., 2016). The 
experimental setup used to inject dead oil is shown Figure 3.12 which is composed of a pump, 
an accumulator with oil that it is at 50 °C temperature, and the core-holder previously 
mentioned.  
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Figure 3.12 – Experimental setup to saturate core samples with dead-oil 
3.2.3.5. Core aging 
After injecting dead oil, core samples are expected to be saturated with 90% oil 
and 10% formation water. Consequently, in order to keep that saturation, a Teflon tape is 
wrapped on the samples to avoid unrepresentative adsorption of organic oil material onto the 
surface of the plugs when they are immersed in the same dead oil in a sealed steel cell 
(SHARIATPANAHI et al., 2016), see Figure 3.13.  
 
 
Figure 3.13 – Immersion of saturated core samples for aging 
Finally, in Figure 3.14 is exposed how the outcrop dolomite cores were aged in an 
oven at temperatures coreflooding test that it is 124 °C and atmospheric pressure conditions 
for at least 15 days. At the end of this stage, it is believed that the final wettability preference 
would be to neutral or oil. 
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Figure 3.14 – Aging of core samples 
3.2.3.6. Core cleaning 
All samples used in this study were cleaned by the soxhlet method before any core 
preparation procedure performed for the coreflooding tests. Ketone was used as a solvent to 
extract both organic and inorganic undesired elements from the porous medium, thus, it was 
confirmed by visual and routine petrophysical measurements that this solvent seemed to work 
efficiently after fifteen days of cleaning. Figure 3.15 shows the soxhlet extractor apparatus 
used for this procedure within core samples 7 and 13 that were under cleaning process. 
 
Figure 3.15 – Soxhlet apparatus 
3.2.4. Coreflooding test 
Coreflooding apparatus and experimental coreflooding procedures will be 
depicted in this section. 
3.2.4.1. Coreflood apparatus 
This study utilized a coreflooding apparatus that was custom designed to perform 
experiments with composite-core plugs, evaluating oil recovery at full reservoir conditions, up 
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to 124 °C temperature and 5000 psi pressure. The main components of this equipment are an 
oven, a stainless steel coreholder, fluid accumulators, a pressure drop indicator, one Quizix 
pump, one manual pump, three backpressure regulators (BPR), a confining pressure module, 
and a two phase separator, see Figure 3.16. Also, in Figure 3.17 is also shown a schematic of 
the experimental setup. 
 
Figure 3.16 – Coreflooding apparatus 
 
Figure 3.17 – Schematic of the experimental setup 
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The corefloding system was able to work with temperatures up to 124 °C, pore 
pressure about 5000 psi, and confining pressure up to 6000 psi. Volume of reservoir-
stabilized-oil and different ion composition brines were supplied from floating piston 
accumulators operated by a high pressure Quizix pump. Confining pressure was maintained 
by a hand operate pump. System pressure was almost kept constant by a BPR at the core 
outlet and measured by an absolute pressure transducer, also, pressure drop was measured by 
a differential pressure transducer; and these data were logged by a computer based acquisition 
and control board. The apparatus was also provided of facilities to measure the oil recovered 
through a two phase separator. The separator was installed outside the oven and operated at 
70 °C temperature and 2000 psi pressure by an external heating system and a BPR, 
respectively.  
In order to have less uncertainty in measuring oil produced, a digital camera was 
installed in front of the separator to capture images at certain time interval. In Figure 3.18 is 
shown a photo of oil measured in the separator where the red frame indicates the oil water 
interface.  
 
Figure 3.18 – Two phase separator 
It is possible to calculate an error in the measurements of the produced oil in order 
to keep in mind the accurate values of the oil recovery which gave +/- (0,072/OOIP), see 
appendix B. This error was found due to the fact the interface between the oil measured and 
the injection brine inside the separator is not regular, it means, it is not completely horizontal 
making it difficult to read an absolute value.  
3.2.4.2. Coreflooding procedures 
The coreflodding apparatus used was suitable for mimicking reservoir conditions 
during a waterflood test. The experimental procedure followed is given below: 
• All accumulators are first filled with injected fluids such as reservoir-
stabilized-oil and brines. 
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• The saturated core plugs are loaded into the core holder 
• Confining pressure of 1000 psi is maintained on the core plugs by 
filling the core holder confining annulus. 
• The line system module inside the oven is saturated with the first 
injection brine, then, a pressure test is performed at 6500 psi to check 
leaks. 
• The oven is switched on, thus, reservoir-stabilized-oil is flushed to the 
core plugs at a constant flow rate of 0,2 cc/min and at back pressure 
conditions set at 5000 psi to ensure complete oil saturation. At the 
same time, as oil injection pressure and temperature test increase, 
confining pressure is increased keeping 1000 psi in difference between 
the core plugs and the core holder annulus. This process takes about 6 
hours. 
• 4 total porous volume of oil are injected into the core plugs where the 
direction of flow was reversed to every two porous volumes injected 
in order to give uniform saturation distribution. The oil injection 
conditions are: 0,2 cc/min constant flow rate, 124 °C temperature, 
5000 psi oil injection pressure, and 6000 psi confining pressure. 
• Through a bypass, the facilities placed out the oven to measure the oil 
produced in a separator are filled with the first injection brine until 
reach the operations conditions (70 °C temperature, and 2000 psi 
pressure). 
• Dead oil is injected from the top of the separator to make an interface 
that lets the oil recovered be measured. 
• Conduct the first injection brine flooding at constant flow rate of 0,1 
cc/min until reach 4 porous volume injected. Simultaneously, it is 
monitored the oil produced, the pressure drop across the core samples, 
the pressure of the back pressure regulators, all of them as a function 
of the time that takes to inject 0,1 porous volume of the rock samples.  
• The second and third injections brines are injected into the core 
samples, one after another, following the same injection procedure as 
mentioned in the preceding step. 
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3.3. Research planning 
Eight coreflooding tests were performed to investigate the impact on oil recovery 
in dolomites rocks when the ionic composition of the injection brine was altered. As it was 
mentioned previously, the coreflooding tests were conducted at full reservoir conditions such 
as: 124 °C temperature, 5000 psi pore pressure, 6000 psi overburden pressure, and a constant 
flow injection rate 0,1 cc/min, this last one represents the injection velocity into the reservoir 
about 1 ft/day. Also, it is necessary to highlight that the amount of water injected for any slug 
was 4 total porous volumes regardless whether the oil production reaches the plateau or not.  
These experiments were divided into two series to assess the effect of both 
sulphate and magnesium ions, as a result, four tests were done for each series. The first three 
tests of any series were planned to evaluate the oil recovery potential for each core pair 
samples by injecting brines with certain either sulphate or magnesium ionic content. 
Regarding the first series, sulphate ion was selected to assess its effect on the oil recovery. As 
a result, in the first test, SW0,75NaCl was the first injection brine, followed by removing half 
of sulphate content (SW0,75NaCl0,5SO4
2-), and finally without sulphate content 
(SW0,75NaCl0SO4
2-). The second experiment started with no sulphate content 
(SW0,75NaCl0 SO4
2-), later two times sulphate content (SW0,75NaCl2SO4
2-) was added, 
afterwards by adding four times sulphate content (SW0,75NaCl4SO4
2-). The third experiment, 
consisted in injecting first four times sulphate content (SW0,75NaCl4SO4
2-), next two times 
sulphate content (SW0,75NaCl2SO4
2-), and, last with no sulphate content 
(SW0,75NaCl0SO4
2-). In the second series, magnesium ion was also used to evaluate its 
influence on the oil recovery at the same proportion as sulphate content ion did. In Figure 
3.19 is shown how the first six experiments were planned for both series. 
 Additionally, the objective of the fourth test for any series was conducted to 
confirm and validate the best core pair samples which had the highest final oil recovery result 
among all the injection slugs in each experiment. Then, to complete all the tests and achieve 
the validation of the best core pair samples for any series, the injection slugs done in the test 1 
and the test 4 were replicated and performed on the core pair samples selected. The criteria for 
choosing the test 1 and the test 4 in the replicas was done in order to vary only the 
concentration of both sulphate and magnesium ion into the tests, keeping constant the core 
pair samples and the test conditions, in this way, the potential of the oil recovery from those 
samples could be confirmed and validated with regard to the effects of these ions.  
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Figure 3.19 – Planning of the coreflooding tests 
 
Pair core samples from one to three were used for the first series, similarly, pairs 
core plugs from four to six were used for the second series. The test 1 and 4 were twice 
performed for those pair core samples where the best oil recovery result was obtained for any 
series in order to make sure and corroborate the effect of sulphate and magnesium ions, 
respectively. In Table 3.8 are listed the sequence of the experiments and the core samples 
used for any test. 
 
Table 3.8 – Sequence of the experiments. “*” stands for test replicas 
Series 
Test order 
schedule 
Tests 
Pair core 
samples 
1 
1st 1 1 
2nd 2 3 
3rd 3 2 
7th 1* 3 
2 
4th 4 4 
5th 5 6 
6th 6 5 
8th 4* 6 
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4.  RESULTS AND DISCUSSION 
This section shows and discusses the coreflooding results performed on the pair 
core samples listed in Table 3.8. In all experiments, three slugs of modified injection brines 
were injected into the core samples to evaluate and compare their performance on the oil 
recovery. Thus, SO4
2- and Mg2+ ions present in seawater (SW0,75NaCl) were selected as 
potential determining ions in order to study the differences in oil recovery towards a dolomite 
carbonate rock.  
This chapter is divided into two parts. The first one is related to results obtained 
for varying SO4
2- ion concentration, and the second one shows the oil recovery results for 
varying Mg2+ ion concentration. Oil recovery curves (cumulative oil produced and pressure 
drop measurements versus pore volume injected) and summary tables are presented for all 
tests to analyze and discuss the effect that these slugs of injection brine can have on the oil 
recovery.  
In addition, it was gathered evidence from pressure drop behaviour and chemical 
analysis of effluent collected to obtain an insight and draw possible hypothesis on 
brine/oil/rock alteration addressed mainly to rock wettability, translating into the oil recovery. 
Consequently, the effluent collected data from the chemical analysis is not shown since this 
study is not focused on investigating an oil recovery mechanism where more petrophysical 
and mineralogy analysis are necessary. 
4.1. Coreflooding results for varying SO42- 
In the first test of the Series 1, the experiment was designed to study the effect 
that can have a reduction of sulphate ion content in the injection brine base on the oil 
recovery. Then, three different ion sulphate content slugs of seawater were injected one after 
another, starting with SW0,75NaCl and finishing with no sulphate content 
SW0,75NaCl0SO4
2-. Figure 4.1 shows the cumulative oil recovery in terms of original oil in 
place (OOIP) and the pressure drop profile for all injected brines. 
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Figure 4.1 – Oil recovery and pressure drop versus pore volume injected for pair core 
samples 1 
The cumulative oil production by the injection brine base was approximately 
14,15% of OOIP; this slug represents the secondary oil production. As depicted in Figure 4.1, 
no more oil was produced after injecting the slugs of the second and third injection brines as 
tertiary oil production. Thus, reduction of the sulphate ions did not evidenced improvement 
on the oil recovery. Although few research has been addressed to dolomite rocks, this oil 
recovery result is expected since in the literature was found for carbonate rocks a positive 
effect on the oil recovery when increasing the sulphate ion concentration of the injection 
brines, thus, a reduction of these ion is not supposed to increase the oil recovery. 
The general trend in the pressure drop curves was to keep almost constant after 
reaching the highest oil recovery value. Therefore, this pressure drop behaviour is an 
indication that reduction of sulphate ion concentration does not alter the interactions among 
brine/oil/rock system.  
In Table 4.1 is listed the summary of the first test with the oil recovery, 
petrophysical, and test conditions data.  
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Table 4.1 – Summary of the first coreflooding test 
Injection brine 
Phase 
type 
Oil recovery, 
OOIP (%) 
Residual Oil Saturation, 
Sor (%PV) 
SW0,75NaCl Secondary 14,15 77,24 
SW0,75NaCl0,5SO42- Tertiary 0 77,24 
SW0,75NaCl0SO42- Tertiary 0 77,24 
*PV = 16,26 cm3, OOIP= 14,63 cm3, SWi= 10%, K= 295,70 mD 
* Pore pressure = 5000 psi, Temperature 124 °C, Injection flow rate = 0,1 cm3/min 
 
The second oil recovery coreflood experiment was running to assess the effect 
that can have an increasing of the sulphate ion concentration in the injection brine on the 
dolomite rocks for pair core samples 3. This test began by injecting seawater with no sulphate 
ion content (SW0,75NaCl0SO4
2-), next seawater with two times sulphate ion content 
(SW0,75NaCl2SO4
2-), and then seawater with four times sulphate ion content 
(SW0,75NaCl4SO4
2-), see Figure 4.2.  
 
 
Figure 4.2 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 3 
Flooding with the first injection brine recovered 22,07% of OOIP. A two times 
increasing of ion sulphate concentration obtained an additional 3,77% of OOIP. Next, an 
increase of 1,99 % of OOIP was produced in the last injection brine where the concentration 
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of sulphate ion was four times bigger than the injection brine base. After injecting the last two 
slugs of injection brine where the sulphate ion concentration was increased, almost 5,76 % of 
OOIP can be recovered as tertiary phase type with regard to the data presented in Table 4.2. 
For LSWI, it has been reported contradictory results of the sulphate ion for 
different type of carbonate rocks. The majority of them presented that the oil recovery 
increases in the presence of sulphate ion for carbonates rocks, but in dolomite rocks, on the 
other hand, no effect on the oil recovery was obtained when increasing the sulphate content 
for the rest of carbonate rocks. In this study, the increasing of sulphate ion concentration 
seems to have a positive effect on the oil recovery since it can be observed a gain when 
augmenting the concentration from no sulphate content to 4 times increased. It is probably 
that the effect of potential determining ions such as SO4
2- may be taking place at this moment 
which can be active by lowering the electrostatic attraction of the adsorbed carboxylic group 
in the oil and release it from the rock surface, switching the wettability to a more water-wet 
state. It is also known that the combination of sulphate ion and magnesium at high 
temperatures could have response to the increase of the oil recovery, thus, it is not wrong to 
consider that by flooding these slugs of low salinity, more magnesium ions could have been 
produced into the porous system by mineral dissolution when altering the chemical balance. 
Then, both sulphate and magnesium ions may had worked combinedly to enhance the oil 
recovery in this test. 
Pressure drop profile showed a dominant behaviour induced by the increasing of 
the sulphate ion concentration in the injection brines. The pressure drop tendency across the 
composite cores was always decreasing as the sulphate ion concentration in the injection brine 
increased. Consequently, pressure drop at this moment can reflect evidence that sulphate ion 
increasing may take part in the alteration of the fluid/rock system.  
 
Table 4.2 - Summary of the second coreflooding test 
Injection brine Phase type 
Oil recovery, OOIP 
(%) 
Residual Oil 
Saturation, Sor 
(%PV) 
SW0,75NaCl0SO42- Secondary 22,07 70,11 
SW0,75NaCl2SO42- Tertiary 3,77 66,72 
SW0,75NaCl4 SO42- Tertiary 1,99 64,93 
*PV = 18,04 cm3, OOIP= 16,23 cm3, Swi= 10%, K= 314,27 mD 
* Pore pressure = 5000 psi, Temperature 124 °C, Injection flow rate = 0,1 cm3/min 
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The third experiment first consisted in injecting four times sulphate content 
(SW0,75NaCl4SO4
2-), next two times sulphate content (SW0,75NaCl2SO4
2-), and, last with 
no sulphate content (SW0,75NaCl0SO4
2-). Consequently, the target of this test was also to 
evaluate how the reduction of sulphate ion concentration in injection water affects the oil 
recovery, but starting with a high sulphate concentration as secondary phase type. Oil 
recovery and pressure drop data are shown in Figure 4.3. 
 
Figure 4.3 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 2 
In this experiment, 17,36% of OOIP was recovered as secondary phase type after 
injecting the first brine, later, 1,31% and 1,30% of OOIP was additionally produced by 
injecting the second and third injection brine as tertiary phase type, respectively (see Table 
4.3). 
In this case, once again the reduction of sulphate concentration in the injection 
brines did not show a significant effect on both oil recovery and pressure drop. However, it is 
interesting to mention that injecting a high sulphate ion concentration at the beginning and 
during all the test, maybe, it had been possible to have a higher final oil recovery compared to 
that which had a reduction of the sulphate ion concentration in the last injection slugs. 
Although none of the injection slugs reached the plateau, this analysis is drawn because the 
gain of the last one slugs was low. 
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Regarding the pressure drop across the core plugs, it always had a slightly 
tendency for decreasing as sulphate ion concentration decreased. As a result, it might be 
probable that residual sulphate ion concentration in the porous medium has an influence on 
the fluid/rock system due to the fact this tests started with a high sulphate ion flooding.  
 
Table 4.3 – Summary of the third coreflooding test 
Injection brine Phase type 
Oil recovery, 
OOIP (%) 
Residual Oil 
Saturation, Sor (%PV) 
SW0,75NaCl4SO42- Secondary 17,36 74,34 
SW0,75NaCl2SO42- Tertiary 1,31 73,17 
SW0,75NaCl0SO42- Tertiary 1,3 72,00 
*PV = 18,33 cm3, OOIP= 16,49 cm3, Swi= 10%, K= 234,87 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
Finally, Figure 4.4 shows the results superimposed of all the coreflooding 
experiments performed in order to assess the effect of sulphate ion on the oil recovery. It is 
essential to keep in mind that the pair core samples are slightly different in petrophysical 
properties and that every slug of injection brine was 4 total porous volumes injected, 
regardless either the plateau happens or does not, this is, the comparison and analyses 
between them are not totally absolutes about the oil recovery value.  
As a result, it is important to highlight that the highest oil recovery value was 
produced by increasing the concentration of sulphate ion as tertiary method, also, with regard 
to the decreasing of sulphate ion concentration, more oil was recovered as tertiary method 
when the secondary method started with a high sulphate ion concentration.  
Regarding pressure drop measurements, it was almost constant for the first test 
when it reached the final oil recovery value. Nevertheless, the pressure drop across the core 
plugs always decreased for the second and third tests, regardless whether sulphate ion 
concentration increased or decreased. However, it is interesting to notice that the final 
pressure drop (by injecting the last slug of brine) was lower for the second experiment than 
the third test at the same stage, additionally, its tendency to decrease among all the second test 
was more marked as well, indicating, a probable higher effect on the fluid/rock system when 
increasing the sulphate ion concentration in the injection brines. 
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Figure 4.4 - Oil recovery and pressure drop versus pore volume injected for all the pair 
core samples assessed with regard to sulphate ion effect. 
 
The seventh (1*) experiment was performed to confirm and validate the oil 
recovery potential of the pair core samples 3, see Figure 4.5. This pair was selected due to the 
fact it had the highest final oil recovery for series 1, as it can be seen in the second test. Thus, 
in order to assess the effect of the sulphate ion on this pair, the sequence of injection brines 
was the same as for the first test, see Figure 3.19.  
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Figure 4.5 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 3 (Replica of the core samples from test 2) 
The results showed that the secondary oil recovery was almost 40,74% of OOIP 
with the injection brine base of this study (SW0,75NaCl). The additional oil recovery beyond 
secondary phase type was approximately +2,11% of OOIP with a reduction of the half of 
sulphate concentration (SW0,75NaCl0,5 SO4
2-) in the injection brine base, last, +1,14% of 
OOIP was produced with the brine that has not sulphate ion content (SW0,75NaCl0SO4
2-). In 
Table 4.4 are summarized these results. As it can be seen, substantial oil recovery was 
recovered with the injection of the first brine which had the usual sulphate ion content for the 
seawater of this study, nonetheless, and as it was expected, low oil recovery was produced by 
reducing the concentration of the sulphate ion.  
The trend of the pressure drop curve was that once the breakthrough passed, as the 
reduction of sulphate took place, the pressure drop across the pair core sample kept constant. 
This behaviour might indicate that reduction of sulphate ion concentration does not have a 
marked effect on the fluid/rock system.  
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Table 4.4 - Summary of the seventh coreflooding test 
Injection brine Phase type 
Oil recovery, 
OOIP (%) 
Residual Oil 
Saturation, Sor 
(%PV) 
SW0,75NaCl Secondary 40,74 53,31 
SW0,75NaCl0,5SO42- Tertiary 2,11 51,42 
SW0,75NaCl0 SO42- Tertiary 1,14 50,39 
*PV = 18,04 cm3, OOIP= 16,23 cm3, Swi= 10%, K= 314,27 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
Figure 4.6 shows the results superimposed of the replica for pair core samples 3 in 
order to analyse the effect of sulphate ion on the oil recovery. 
 
 
Figure 4.6 – Oil recovery and pressure drop versus pore volume injected of the replica 
for pair core samples 3 for varying sulphate concentration  
Accordingly to the result of the replica, it can be noticeable differences in the oil 
recovery compared to the second test. The first one is that in the first injection brine, about the 
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double of oil was produced with a brine which had sulphate ion content with regard to that 
one that did not have sulphate concentration. Thus, sulphate ion concentration one more time 
shows a positive effect on the oil recovery, plus perhaps the combination of other potential 
ions such Mg2+ provided by rock dissolution. The second one could be that the gain of 
produced oil as tertiary phase type was lower for the replica where the sulphate ion content 
was decreasing than for the second test which was opposite to. This is expected, as oil 
recovery in this study seems to increase in presence of increasing the amount of sulphate ion 
in injection brines. However, this high oil recovery gotten in the replica make wondering if 
the rock had some petropysical and mineralogy alterations after being cleaned from the 
second test. Although the basic petrophysical properties did not change after cleaning, it is 
possible the rock had dissolution and precipitation of minerals occurring at the same time, 
altering the porous distribution of the system. These possible changes may lead to improve 
the oil recovery in function of among of other petrophysical and mineralogy factors. Again, 
due to the fact that none of the slugs reached the plateau, it would not be right to draw 
analysis that can utterly make sure the real impact of the sulphate ion on the oil recovery.  
Regarding pressure drop, the behaviour is completely different one each of 
another for both tests. In the second test, the pressure drop curve appears to show an effect of 
the increasing the sulphate ion concentration since it was decreasing. On the contrary, for the 
replica, the pressure drop was willing to keep almost constant after breaking through, showing 
a negligible effect when reducing the sulphate ion concentration. This supports the idea that 
after cleaning, a possible enhancement of the rock’s petrophysic and mineralogy might 
improve the oil recovery.  
4.2. Coreflooding results for varying Mg2+ 
The fourth test belonging to series 2 was performed with the object of evaluating 
the impact on the oil recovery by reducing the magnesium ions concentration in the injection 
brine base. Accordingly, SW0,75NaCl was first injected where 12,93% of OOIP was 
recovered. Then, the second step of flooding was carried out with seawater with the half of 
usual magnesium content (SW0,75NaCl0,5Mg2+) and 5,00% of additional OOIP was 
produced. The third slug of flooding was finished with an injection of the seawater which had 
no magnesium content (SW0,75NaCl0Mg2+), recovering 1,74% of additional OOIP.  
These results are not related to some published results which showed significant 
oil recovery by increasing the magnesium ion concentration in seawater for carbonate rocks at 
high temperatures. It is believed that magnesium ions can improve the oil recovery by altering 
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the wettability to a more water-wet state due to an enhancement on the water film stability 
and to displace carboxylic complex present in the oil from the carbonate surface. Nonetheless, 
in this case, dolomite rocks, a flooding with reduction of magnesium ions may have an effect 
on oil recovery since the produced oil gains are not inconsiderable at the stage of tertiary 
phase type. It is likely that by flooding the core with a low salinity brine, the chemical balance 
into the porous medium might have been altered, taking place a providing of magnesium ion 
by mineral dissolution because of a high magnesium content in the dolomitic rock.  
According to Table 4.5, in this test, 12,93% was recovered by injecting the 
injection brine base of this survey as the secondary method, similarly, almost 6,74% of OOIP 
was produce as tertiary phase type. 
 
 
Figure 4.7 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 4 
Pressure drop measurements showed a slightly tendency for decreasing as 
magnesium ion concentration decreased among the test. Figure 4.7 depicts all the oil recovery 
data registered for this test. 
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Table 4.5 - Summary of the fourth coreflooding test 
Injection brine 
Phase 
type 
Oil recovery, OOIP 
(%) 
Residual Oil 
Saturation, Sor 
(%PV) 
SW0,75NaCl  Secondary 12,93 78,37 
Sw0,75NaCl0,5Mg2+ Tertiary 5 73,87 
Sw0,75NaCl0Mg2+ Tertiary 1,74 72,30 
*PV = 18,41 cm3, OOIP= 16,57 cm3, Swi= 10%, K= 351 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
The fifth oil recovery coreflood experiment was conducting to evaluate the effect 
of a magnesium concentration increase in the injection brine on the dolomite rocks for pair 
core samples 6. This test started injecting seawater with no magnesium ion content 
(SW0,75NaCl0Mg2+), afterwards, seawater with two times magnesium ion content 
(SW0,75NaCl2Mg2+), and last, seawater with four times magnesium ion content 
(SW0,75NaCl4SOMg2+), see Figure 4.8. 
 
 
Figure 4.8 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 6 
26,05% of OOIP was produced with the first injection brine. Additional 0,82% of 
OOIP was obtained with a two times increasing of magnesium ion concentration. Alike, a 
gain of 0,82 % of OOIP was recovered in the last injection brine where the concentration of 
magnesium ion was four times higher with regard to the injection brine base. Regarding an 
94 
 
increase of the magnesium ion concentration, 1,64 % of OOIP was just recovered as tertiary 
phase type since it can be seen when injecting the last two slugs of injection brine. On the 
contrary, oil produced as secondary phase was much higher with regard to the data presented 
in Table 4.6 
Then, the oil recovery showed that an increasing of the magnesium ion does not 
have a positive impact for dolomite rocks, agreeing with the opposite results of the fourth test. 
It seems that a high magnesium ion flooding is not able to alter the chemistry balance of this 
rock, thus, the oil recovery obtained could have been produced just by the advantages of 
conventional waterflood. 
Pressure drop curve did not present a dominant trend because of the increasing of 
the magnesium ion concentration in the water injection. The pressure drop tendency across 
the cores was almost to keep constant as the magnesium ion concentration in the injection 
brine increased. As a result, pressure drop cannot reflect facts that magnesium ion increasing 
may have a role into the alteration of the fluid/rock system. 
 
Table 4.6 - Summary of the fifth coreflooding test 
Injection brine Phase type 
Oil recovery, 
OOIP (%) 
Residual Oil 
Saturation, Sor 
(%PV) 
SW0,75NaCl0Mg2+ Secondary 26,05 66,55 
SW0,75NaCl2Mg2+ Tertiary 0,82 65,81 
SW0,75NaCl4Mg2+ Tertiary 0,82 65,07 
*PV = 19,58 cm3, OOIP= 17,62 cm3, Swi= 10%, K= 310,47 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
The sixth experiment first was based on injecting four times magnesium content 
(Sw0,75NaCl4Mg2+), next two times magnesium content (Sw0,75NaCl2Mg2+), and, followed 
by no magnesium content (Sw0,75NaClMg2+.) Thus, the objective of this test was to assess 
how the reduction of magnesium ion concentration in injection water can impact the oil 
recovery, but beginning with a high magnesium concentration as secondary phase type. Oil 
recovery and pressure data are shown in Figure 4.9 
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Figure 4.9 -  Oil recovery and pressure drop versus pore volume injected for pair core 
samples 5 
In this experiment, 11,16% of OOIP was recovered after injecting the first 
injection brine as secondary phase type. In the same way, the last one steps of flooding was 
finished, an additional recovery of 3,67% and 0,23% of OOIP was produced as tertiary phase 
type, respectively (see Table 4.7). Again, a reduction of magnesium ion flooding appears to 
have a slight effect on the oil recovery for this kind of rock, considering that the first water 
brine has a high magnesium ion concentration. Perhaps, this fact may lead to dissolve less 
magnesium ion or cause a delay on the alteration of the fluid/rock system by flooding a 
different brine composition into the porous medium. 
Regarding the pressure drop across the core plugs, maybe either a fine migration 
or mineral dissolution/precipitation or a combination of both in an unknown time, could have 
taken place after reaching breakthrough since pressure drop values increased so high that it 
was not possible to register data anymore. This pressure drop can be seen from 1,5 PV to 5,6 
PV injected. It is interesting to notice that during that pressure drop increase, little oil was 
produced. However, once pressure drop fell down drastically, about +3% of OOIP was also 
recovered rapidly. This additional oil produced may be caused by unclogging some solid 
material that it could have plugged some pore throats, letting the flooding contact and 
improve the swept where more oil was located and increase the pressure drop. If this possible 
solid material blocked had not occurred, the pressure drop after breakthrough would have had 
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the tendency to decrease and keep almost constant as magnesium ion concentration in 
injection brine decreased. This expected pressure drop behaviour can be seen after more or 
less 5,6 PV injected, see Figure 4.9. Accordingly, a reduction of a high magnesium ion 
concentration in injection brines did not show a marked effect on the pressure drop which 
means that residual magnesium ion concentration in the porous medium has not a strong 
influence on the fluid/rock system. 
 
Table 4.7 - Summary of the third coreflooding test 
Injection brine Phase type 
Oil 
recovery, 
OOIP (%) 
Residual Oil 
Saturation, 
Sor (%PV) 
Sw0,75NaCl4Mg2+ Secondary 11,16 79,93 
Sw0,75NaCl2Mg2+ Tertiary 3,67 76,62 
Sw0,75NaCl0Mg2+ Tertiary 0,23 76,42 
*PV = 17,74 cm3, OOIP= 15,96 cm3, Swi= 10%, K= 255,51 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
Finally, in Figure 4.10 are the results superimposed of all the coreflooding 
experiments performed in order to assess the effect of magnesium ion on the oil recovery. It is 
fundamental to remember that 4 total porous volumes were injected to each brine without 
reaching the plateau, also, the pair core samples are slightly different in petrophysical 
properties such as porosity and permeability which can have effect on the oil recovery 
behaviour. As a results, the comparison between them about the oil recovery and possible 
effects of this method could not have completely correlated because of these previous facts. 
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Figure 4.10 - Oil recovery and pressure drop versus pore volume injected for all the pair 
core samples assessed 
Thus, although no significant gains of oil were produced in the tertiary phase, it is 
important to mention that the final highest oil recovery value was recovered from the pair core 
samples that had an increase in the concentration of magnesium flooding. Regarding the oil 
recovery value from secondary phase, it was found that for no magnesium ion content, a 
considerable oil production (~13%) was recovered compared to injection brines that had 
magnesium ion content. In addition, more oil was recovered as tertiary method when the 
secondary method started with a normal magnesium ion concentration from the injection 
brine base, all this with regard to the decreasing of magnesium ion concentration. 
Regarding pressure drop measurements and regardless the matter of the either fine 
migration or mineral dissolution/precipitation for pair core samples 5, their behaviour was 
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almost similar for all the tests, showing that the variation of magnesium ion in injection brines 
has a low effect on pressure drop.  
 
Similar to the seventh (1*) experiment, the eighth (4*) test was also conducted to 
confirm and validate the oil recovery potential of the pair core samples 6, see Figure 4.11. 
This pair was selected because it had the highest final oil recovery for series 2, see oil 
recovery results from the fifth test. As a result, to evaluate the effect of the magnesium ion on 
this pair, the sequence of injection brines was the same as for the fourth test, see Figure 3.19. 
 
 
Figure 4.11 - Oil recovery and pressure drop versus pore volume injected for pair core 
samples 6 (Replica of the core samples from test 5) 
About 41,54% of OOIP was recovered by flooding with the injection brine base. 
During the progressive waterflooding, incremental recoveries of +1,71% and 1,31% were 
measured when the pair core sample was transferred into a reduction of magnesium by 
injecting seawater with the half of the magnesium ion concentration in the injection brine base 
SW0,75NaCl0,5Mg2+) and with no magnesium content (SW0,75NaCl0Mg2+), respectively 
(see Table 4.8). Thus, a substantial oil recovery was produced as secondary method with the 
injection of the first water which is opposed to the expected since oil recovery responds to a 
decreasing of magnesium ion injection. However, when switching the flooding to a decrease 
of magnesium ion injection, slightly more oil was recovered, but, it does not seem to have a 
makeable impact of this ion on the oil recovery. 
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The pressure drop profile also appears to have an almost a constant behaviour 
regardless the switch among the injection brines where the magnesium ion concentration was 
being reduced. This behaviour agrees with the low effect that was observed when decreasing 
the magnesium ion content by flooding the core samples. 
 
Table 4.8 - Summary of the eighth coreflooding test 
Injection brine Phase type 
Oil recovery, 
OOIP (%) 
Residual Oil 
Saturation, 
Sor(%PV) 
SW0,75NaCl Secondary 41,54 52,61 
SW0,75NaCl0,5Mg2+ Tertiary 1,71 51,07 
SW0,75NaCl0Mg2+ Tertiary 1,31 49,89 
*PV = 19,58 cm3, OOIP= 17,62 cm3, Swi= 10%, K= 310,47 mD 
* Pore pressure = 5000 psi, Temperature 124 C, Injection flow rate = 0,1 cc/min 
 
Figure 4.12 depicts the results superimposed of the replica for pair core samples 6 
in order to show the effect of magnesium ion on the oil recovery. 
 
 
Figure 4.12 - Oil recovery and pressure drop versus pore volume injected of the replica 
for pair core samples 6 for varying magnesium concentration 
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Similar to the behaviour of the replica for the sulphate series 1, a huge difference 
in oil recovery value between the tests can be seen since almost twice more oil was produced 
in the replica. Then, just as the another replica, perhaps after the cleaning of the samples, the 
the petrophysical properties and mineralogy had alterations due to the flooding in the fifth 
test, this is, the porous medium could have been improved in order to increase the oil recovery 
since it was likely that dissolution / precipitation of minerals, fine migration or others 
occurred even though the petrophysical measurements did not suffer from changes. 
Drawing analyses, it can be perceived that firs slug of injection produced more oil 
in the replica than primary test as secondary phase type, this is not expected since magnesium 
ion reduction appeared to have a positive response to the oil recovery. Nonetheless, as tertiary 
method, the results showed a slightly gain in oil recovery for the replica which is barely 
higher than for the primary test, thus, once more a decreasing of magnesium ions when 
flooding this core samples obtained an enhancement on the oil recovery, but this improvement 
is not so high to confirm that this effect is considerable. As it was mentioned previously, the 
injection of the brines was switching without reaching the plateau, as a result, it is again hard 
to have and make sure any effect for varying the concentration of this ion. 
Regarding the pressure drop at this moment, no significant differences are noticed 
when switching the injection to an either increasing or decreasing of the magnesium ion 
concentration in all the injection process. Accordingly, this is saying that magnesium ion may 
have a slightly effect on the oil recovery but in almost a minor way for this type of rock. As 
referred to the literature, magnesium ion does not work efficiently as itself, perhaps with a 
combination of this ion with others such as sulphate, the oil recovery might have been higher 
or the effect of this ions would have been more considerably.  
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5. CONCLUSIONS 
1) The highest final oil recovery value (27,83% of OOIP) of the first three tests of series 
1 was achieved by increasing the concentration of sulphate ion. Also, as tertiary 
method, the bigger gain of oil recovery (+5,76% of OOIP) was produced by increasing 
the sulphate ion concentration Thus, it is evident that sulphate ion increasing has a 
positive potential on oil recovery in dolomite rocks. 
2) More oil was recovered as tertiary method (+2,61% of OOIP) when the secondary 
method started with a high sulphate ion concentration compared to the negligible 
effect on the oil recovery (0% of OOIP) when starting with a typical sulphate ion 
concentration with regard to the decreasing of sulphate ion concentration. 
3) For all the tests, drop measurements showed outstanding effects on the fluid rock 
system, likely on the wettability of the rocks, which can be attributed to the variation 
of sulphate ion concentration, translating to impact the oil recovery.  
4) The replica results once more confirm that an increasing of sulphate ion flooding can 
improve the oil recovery in this type of rocks, nonetheless, it also showed that maybe 
the oil recovery can even be higher with a combination of other ions effect such as 
magnesium provided by a possible mineral dissolution.  
5) The highest oil recovery value (26,05 % of OOIP) of the first three test of series 2 was 
obtained by injecting brines without magnesium ion content as a secondary method. In 
the same way, as a tertiary phase type, reduction of magnesium ion concentration in 
injection brines showed a higher oil recovery (+6,74 % and +3,9% of OOIP) earning. 
As a result, magnesium ion decreasing appears to have a potential of increasing the oil 
recovery for dolomite rocks. 
6) Negligible effect on the oil recovery (+1,84% of OOIP) was observed when increasing 
the magnesium ion concentration in injection brines as a tertiary method. 
7) Regarding pressure drop measurements for all tests, no outstanding effects on the fluid 
rock system such as wettability switching can be attributable to the variation of 
magnesium ion concentration. 
8) Probable fine migration or mineral dissolution/precipitation or a combination of both 
in different time can take place when injecting high magnesium ion concentration brine as a 
secondary method, translating into a possible additional oil recovery. 
9) Regarding the replica for series 2, it was proved that the reduction of magnesium ion 
concentration can slightly stimulate the increase of the oil recovery although no 
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considerable effect on the wettability change could be seen. Besides, it is probably that 
the oil recovery may have been influenced by other effects such as other ions, 
dissolution/precipitation material, fine migration among others. Therefore, magnesium 
ion’s effects are not strong enough to draw a really potential in the oil recovery of this 
technique in this type of rock. 
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5.1. Suggestions for future studies 
 In order to know the real potential of both sulphate and magnesium ions on the oil 
recovery, it would be fundamental to wait for reaching the plateau of each injection 
water. This is, the porous volume injected can be varied for any slug of injection 
where the next one would start only if the production of oil is stopped. 
 If it is desirable to find an ideal concentration of these ions and draw a comparison of 
this method to be applicable into a field case, it is necessary to inject just one slug of 
injection water with constant ion concentration into the same core samples. In this 
way, the results will be comparable under new coreflooding test where the 
concentration will be different from the previous ones. 
 Due to this technique is not yet well supported in the literature because of differences 
in published results, it is advisable to have a deep research on the mechanism behind 
the additional oil recovery. Thus, analysis such as IFT, contact angle, mineralogy 
analysis and others will be required for the result showed in this study to have a better 
understanding of the effect of both sulphate and magnesium ions. Additionally, an 
intensive study of the replicas addressed to petrophysical and mineralogy properties 
will be necessary before and after of each test since oil recovery behaviour changed 
too much after any flooding process.   
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APPENDIX A - CAPILLARY END EFFECTS 
The capillary end effect is an important issue in coreflood experiments, because it 
can cause serious errors in the calculation of saturation and relative permeabilities from 
pressure drop and production information. Capillary end effects arise from the discontinuity 
of capillarity in the wetting phase at the outlet end of the core sample. 
Capillary end effects commonly appear in situations of oil displacing water in 
water-wet cores, and gas-displacing-oil cases. In other displacement processes, capillary end 
effects are less pronounced than these two situations which is the case of this study. 
Experiments of oil displacing water in a water-wet core, or a drainage process, are important, 
because they establish the end-point oil relative permeability at the interstitial water 
saturation, kro at Swi, which is the starting point of a waterflood (or an imbibition) process. 
Experiments of the gas-displacing-oil cases are also important, because they represent internal 
or external gas displacement in oil reservoirs. 
For the purpose of illustration, it is discussed an experiment of co-injecting oil and 
water into a water-presaturated, water-wet core sample. The saturation profiles during the 
experiments are schematically shown in Figure A.1. Then, water capillarity tends to keep a 
higher water saturation toward the core end. This non-uniform saturation profile is called the 
capillary end effect. 
 
 
Figure A.1 – The capillary end effect in an oil-water co-injection experiment. The core, 
assuming water-wet, was initially saturated with water, with or without Sor. Source: 
(HUANG; HONARPOUR, 1998) 
Regardless that in this study was not injected oil into a significant water-
presaturated core sample because of the desiccator method, the capillary end effects were 
avoided or reduced by increasing the length of the total core sample when adding one more 
plug and forming pair core sample for the tests. This was done as it can be noticed from figure 
A.1 since the capillary end effects are low at a bigger distance between the inlet and outlet 
core sample.  
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APPENDIX B – ACID NUMBER AND SARA ANALYSIS DETERMINATION 
 Acid number AN 
The procedure to get the Acid number (AN) of the oil consists on determining the 
amount of potassium hydroxide in milligrams per grams of the total oil (mgKOH/g) which 
will be required to be chemistry identified when immersing into a solvent at criteria specific. 
The oil sample is dissolved into a mixture of toluene and propanol within a small 
amount of water. The solution is then titrated with potassium hydroxide by using an electrode 
glass and an electrode indicator. The log data of the indicator is drawn getting inflection 
points through the volumes of the titrated solutions. Afterwards, taking these values is 
possible to obtain the acid number AN value.  
 SARA ANALYSIS 
The SARA analysis is based on the sequential oil dissolution into different 
solvents. The process to achieve this analysis is shown as follow: 
1. 10,81 grams of oil was select as the study mass grams (moil) 
2. To know the amount of asphaltenes was necessary to prepare a solution of crude oil 
and heptanes with concentration of 1:30 respectively. This solution was kept under 
agitation for 24 hours. 
3. The solution is filtered by using a filter of 0,45 µm. The removed solid is dried at 70 
°C until reaching a constant mass (masphaltene = 0,036 gr). The percent of asphaltenes is 
calculated through equation (B.1) 
 
% 𝐴𝑠𝑝ℎ𝑎𝑙𝑡𝑒𝑛𝑒𝑠 =
𝑚𝑎𝑠𝑝ℎ𝑎𝑙𝑡𝑒𝑛𝑒𝑠
𝑚𝑜𝑖𝑙
× 100% =
0,036 𝑔𝑟
10,81
× 100% = 0,34 % (𝑚 𝑚⁄ )  
 
(B.1) 
 
4. To separate the fraction of resins in the oil, 98,28 gr of attapulgite clay was added 
forming a mixture. 
5. The mixture was agited at 1000 rpm for 2 hours at laboratory temperature. 
6.  The mixture is filtered through a filter of 42 µm 
7. The solid held by the filter is washed with heptane to get rid of no adsorb components 
by the clay. 
8. The solution is dried in an oven at 100°C and 150 °C until not having change in mass. 
The mass of resins (mresins) is determined by the difference from the weight of the total 
clay which is 0,04 gr, giving a percent as follow 
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% 𝑅𝑒𝑠𝑖𝑛𝑠 =
𝑚𝑟𝑒𝑠𝑖𝑛𝑠
𝑚𝑜𝑖𝑙
× 100% =
0,04 𝑔𝑟
10,81
× 100% = 0,37 % (𝑚 𝑚⁄ )  
 
(B.2) 
 
9. The oil filtered in the previous stage reduced 10 cc of its volume, thus, that volume is 
put inside a silica gel column which is package with heptanes. The aromatic 
compounds are adsorbed by the silica. As a result, the difference in weight can lead to 
determine the amount of this compounds (aromatics= 0,21 gr) 
 
% 𝐴𝑟𝑜𝑚𝑎𝑡𝑖𝑐𝑠 =
𝑚𝑎𝑟𝑜𝑚𝑎𝑡𝑖𝑐𝑠
𝑚𝑜𝑖𝑙
× 100% =
0,21 𝑔𝑟
10,81
× 100% = 1,94 % (𝑚 𝑚⁄ )  
 
(B.3) 
 
10. The amount of saturate is obtained by the difference among the mass as follow: 
 
𝑚𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑒 =  𝑚𝑜𝑖𝑙 − (𝑚𝑟𝑒𝑠𝑖𝑛𝑠 + 𝑚𝑎𝑠𝑝ℎ𝑎𝑙𝑡𝑒𝑛𝑒𝑠 + 𝑚𝑎𝑟𝑜𝑚𝑎𝑡𝑖𝑐𝑠 
 
(B.4) 
 
This gives 10,572 gr of saturated compounds, thus 
 
% 𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑒 =
𝑚𝑠𝑎𝑡𝑢𝑟𝑎𝑡𝑒𝑑
𝑚𝑜𝑖𝑙
× 100% =
10,572 𝑔𝑟
10,81
× 100% = 97,53 % (𝑚 𝑚⁄ )  
 
(B.5) 
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APPENDIX C - ERROR OF THE MEASUREMENT OF THE PRODUCED OIL 
It is usually found that when two immiscible fluids are in contact, the interface 
shape of them is irregular due to the physical-chemistry interactions. As it can be seen in 
figure C.1, the approximate value could be different from the exact value in almost +/- 0,1 
units of the range of measurements in all the coreflooding tests performed in this study.  
 
 
Figure C.1 – Error measuring on the oil and injection brine interface in the separator 
 
As a result, the error can be obtained by using the equation (C.1), knowing that 1 
unit of the range of measurements in the separator is equal to 0,72 units of the volume into the 
core sample at test conditions. 
 
𝑒𝑟𝑟𝑜𝑟 =  
|0,1 𝑣𝑜𝑙𝑢𝑚𝑒 𝑢𝑛𝑖𝑡 𝑠𝑒𝑝𝑎𝑟𝑎𝑡𝑜𝑟 × (±0,72 𝑣𝑜𝑙𝑢𝑚𝑒 𝑢𝑛𝑖𝑡 𝑐𝑜𝑟𝑒 𝑠𝑎𝑚𝑝𝑙𝑒)|
1 𝑣𝑜𝑙𝑢𝑚𝑒 𝑢𝑛𝑖𝑡 𝑠𝑒𝑝𝑎𝑟𝑎𝑡𝑜𝑟
=  ±0,072 
(C.1) 
 
As a result, applying the equation (C.2), the oil recovery percentage value will 
give: 
 
𝑂𝑖𝑙 𝑟𝑒𝑐𝑜𝑣𝑒𝑟𝑦 𝑒𝑟𝑟𝑜𝑟 =
|±𝑣𝑜𝑙𝑢𝑚𝑒 𝑒𝑟𝑟𝑜𝑟|
𝑂𝑂𝐼𝑃
∗ 100% =
|±0,072|
𝑂𝑂𝐼𝑃
∗ 100% =
7,2
𝑂𝑂𝐼𝑃
  
 
(C.2) 
 
Accordingly, the percentages of oil recovery errors for any pair core samples in 
this study are shown in table C.1 since these values are in function of the original oil in place 
volume (OOIP)  
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Table C.1 – Oil recovery error due to oil produced measured in the separator. 
Series Pair core samples Tests OOIP (volume units) Oil recovery error (%) 
1 
1 1 14,63 0,49 
3 2 16,23 0,44 
2 3 16,49 0,43 
3 7(1*) 16,23 0,44 
2 
4 4 16,57 0,43 
6 5 17,62 0,40 
5 6 15,96 0,45 
6 8(4*) 17,62 0,40 
 
Consequently, in figure C.2 an example of how would be this error on the oil 
recovery is shown which belongs to the second test of this work. Then, in the figure are 
shown the approximate oil recovery values (+OOIP and –OOIP) and the exact oil recovery 
values (OOIP)  
 
 
Figure C.2 – Error of the oil recovery value for the second test pair core samples 3 
As it can be seen from figure C.2, the oil recovery values generated by the 
approximate values are not too different from the exact values, as a result, this is the reason 
why the approximate values were not shown in the chapter of the results of this work.  
